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1 Introduction

Over the last decades, electricity markets have been exposed to fundamental changes.
In 1996, the single market directive adopted by the European Parliament and the Coun-
cil of the European Union, initiated the liberalization process to increase competition
and efficiency. Before the liberalization, vertically-integrated utilities in Germany were
organized as regional monopolies responsible for the generation, retail and distribution
within their respective regional service areas. The liberalization changed this paradigm
by unbundling the firms’ activities and introducing competition in the market segments
of retail and generation — with distribution and transmission services remaining natural
monopolies. High fixed costs, in particular, associated with electricity networks justified
the operation by only one firm as opposed to multiple competitive firms. As such, regu-
lation of network operators was introduced to impede the abuse of monopoly power. In
Germany, the use of incentive regulation should prevent excessively high network access

charges and increase the efficiency of network operators.

Apart from liberalization, further developments in electricity markets have had signif-
icant consequences for electricity networks. Most notably, climate protection and the
abatement of greenhouse gas emissions have led to a global increase in the share of
renewable energy technologies in electricity generation. In Germany, ambitious expan-
sion targets and incentive mechanisms induced an increase in the installed capacity
of renewable energy technologies by nearly 200 percent within only a ten-year period
between 2009 and 2019 (Bundesnetzagentur, 2020a). This shift in the electricity gener-
ation structure poses key challenges for network operators, who are required by German
law to connect and preferentially dispatch distributed renewable generation. Firstly,
the stochastic nature of renewable resources, such as wind and solar, causes difficul-
ties in balancing short-term electricity demand and supply. In addition, the decision
as to where these renewable systems are placed are made irrespective of the network
condition. Both stochastic generation and inefficient allocation may lead to increased
grid congestion, which in turn may jeopardize network stability. As such, congestion
management is crucial to ensure efficient coordination of generation and transmission

services in the short- and long-term (Chao et al., 2000).
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As the energy landscape continues to transform, both the regulation of network operators
and the market design of congestion management faces new challenges. In this thesis,
four papers are presented to shed light on the regulation of network operators and their
interaction with other market participants. Thereby two chapters focus on regulating
electricity distribution network operators, and two chapters concentrate on congestion
management. In doing so, this research offers valuable insights into the efficiency of
different market and regulatory designs, which may aid regulators in future decision-

making processes.

1.1 Outline of the thesis

The thesis consists of four chapters based on single papers, of which three are written in

co-authorship. Papers written in co-authorship were done so with equal contribution.

Chapter 2:  Distributed generation and cost efficiency of German electricity distri-
bution network operators (with Heike Wetzel). EWI Working Paper,
No. 20/09, 2020.

Chapter 3:  Unobserved technological heterogeneity among German electricity dis-
tribution network operators - a latent class analysis. EWI Working
Paper, No. 21/05, 2021.

Chapter 4:  Congestion management in power systems - Long-term modeling frame-
work and large-scale application (with Joachim Bertsch and Simeon
Hagspiel).!

Chapter 5:  The relevance of grid expansion under zonal markets (with Joachim
Bertsch, Tom Brown and Simeon Hagspiel). Published in The Energy
Journal, Vol. 38, No. 5, 2017.

Chapter 2 focuses on the regulation of German distribution network operators by esti-
mating their cost efficiency based on various model specifications. Electricity networks
are considered natural monopolies with limited or no competition and are thus regulated.
Over the last few decades, incentive regulation has been the most commonly chosen
regulatory framework for gas and electricity network operators worldwide. Efficiency
benchmarking provides a key element of incentive regulation to determine firm-specific
efficiency targets. Efficiency targets could be determined based on various econometric
models and model specifications, for example, the Stochastic Frontier Analysis (SFA).
Especially SFA panel data models have been continuously developed to improve the

estimation of firm-specific efficiency while considering firms’ heterogeneity. Thereby,

!An updated version of the paper presented in this thesis is published in Journal of Regulatory
Economics, Vol. 50, pp. 290-327, 2016.



1.1 Outline of the thesis

model specifications differ according to their consideration and definition of efficiency
and unobserved heterogeneity: Recent models can distinguish between persistent and
transient efficiency while conventional models focus on one source of efficiency. However,
the distinction may be relevant as regulators have to address different aspects to resolve

inefficiency depending on whether inefficiency is persistent or transient.

An extensive and comprehensive data set of financial, technical, and structural charac-
teristics of German distribution network operators from the years 2011 and 2017 is used
to estimate the transient and persistent cost efficiency of German electricity distribu-
tion network operators. Thereby, the impact of different model specifications and the
effect of an increased capacity of distributed generation from renewable energy sources
are analyzed based on state-of-the-art stochastic frontier panel data models. The study
of German distribution network operators is interesting for various reasons: First, with
around 900 electricity distribution network operators, Germany has many heterogeneous
network operators. Second, over the last two decades, there has been a significant and

dynamic increase in distributed generation from renewable energy sources.

The results indicate an average cost reduction potential of about 12 percent in the short
term and about 18 percent in the long-term when both sources of inefficiency are ac-
counted for in a single model. Significant differences in efficiency estimates are identified
across econometric models that account for only transient or persistent efficiency. Fur-
thermore, distributed generation is an important cost driver in the production process

of German electricity distribution network operators.

The results of Chapter 2 rely on the assumption of a common production process rep-
resented by a joint cost function among distribution operators. This assumption is
relaxed in Chapter 3 by applying a latent class model that explicitly allows for hetero-
geneous cost function parameters, i.e., technological heterogeneity among distribution
network operators. As the benchmarking procedure’s premise is that network operators
are comparable, accounting for network operators’ heterogeneity is crucial for regula-
tors. In contrast to observed heterogeneity, the consideration of unobserved differences
is far more challenging. Unobserved heterogeneity may impact network operators’ per-
formance as well as the production process. However, regulatory practice often neglects
the possibility of heterogeneous technologies among distribution network operators and
assumes a common technology. Considering a common technology and thus cost func-
tion across network operators implies, e.g., identical marginal costs and economies of
scale for all network operators. It is questionable whether this assumption holds in
practice. Some of the network operators’ heterogeneity may influence the production
process, leading to technological differences among network operators. The resulting

technological differences may even increase due to the increasing distributed generation
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capacity from renewable energy sources, digital transformation, and electric vehicles. If
technological heterogeneity is not accounted for, efficiency estimates would be biased,

having direct financial consequences for network operators.

To address technological heterogeneity among network operators, a latent class stochas-
tic frontier model is applied to the database of German electricity distribution network
operators between the years 2011 and 2017, also used in Chapter 2. Latent class models
account for technological heterogeneity by allowing for parameter heterogeneity in the
cost function. The model assumes a sorting of network operators in different classes that
share a common cost function. In particular, the capacity of distributed generation is

analyzed as a possible source of technological heterogeneity.

The results indicate that German distribution network operators use different technolo-
gies and can be unambiguously classified into three statistically different classes. The
findings show significant differences in the size, capacity of distributed generation and
identify distributed generation capacity as an important driver of the network operators’

technology.

While the previous chapters focus on the regulation of distribution network operators,
the following two chapters address the market design of congestion management. Chap-
ter 4 presents a modeling framework for different regulatory designs regarding conges-
tion management including both, the operation as well as the investment perspective
in the generation and transmission sector. In liberalized power systems, generation and
transmission services are unbundled, but remain tightly interlinked. Congestion manage-
ment in the transmission network is crucial for the efficiency of these inter-linkages and
thus an efficient coordination of short (i.e., operational) and long-term (i.e., investment)
activities in the generation and grid sectors. Different regulatory designs and options are
available to manage congestion. The efficiency of the market outcome crucially depends
on the implemented congestion management and the exchanged information between the
transmission and generation sector. Thereby, the design of the congestion management
may vary in the definition of market areas (i.e., zonal vs. nodal markets), the regulation
and organization of TSOs, i.e., one vs. multiple TSOs, the way of managing congestion
besides grid expansion (e.g., redispatch and g-component), and cross-border capacity

allocation routines, i.e., NTC vs. flow-based market coupling.

To compare and analyze the short and long-term efficiency of different congestion man-
agement designs, a generalized and flexible economic modeling framework is developed.
Using the possibility to separate an integrated optimization problem into multiple levels,
the decomposed model includes both the operation and the investment perspective in
the generation and transmission sector and their inter-linkages. With this, the short

and long-term effects of different congestion management designs can be analyzed and

4



1.2 Discussion of applied methodology

benchmarked against the welfare-optimal result. Thereby, implicit frictions and sources

of inefficiencies in the various regulatory designs can be isolated and identified.

Subsequently, an algorithm to numerically solve the model is calibrated and used in
a large-scale application of a detailed representation of the Central Western European
region. The analysis of six different congestion management designs yields that compared
to the first-best benchmark, i.e., nodal pricing, inefficiencies of up to 4.6 percent arise
until 2030. Thereby, inefficiencies are mainly driven by the approach of determining

cross-border capacities and the coordination of transmission system operators’ activities.

Chapter 5 deepens an aspect of the analysis in Chapter 4 by focusing on the impact
of restricted grid expansions under an imperfect market design, i.e., zonal markets.
The European electricity market design is based on zonal markets with uniform prices,
implying that scarce transmission capacities within these zones are implicitly neglected.
Hence, no differentiated locational price signals are provided within these zones. In
reality, this simplification is often inconsistent with physical grid properties, leading
to congestion in the grid. In the short term, congestion is relieved by adjusting the
original dispatch, i.e., redispatch. In the long-term, the functionality of zonal markets
depends on grid expansions. However, grid expansion is often insufficient and delayed. In
addition, fundamental changes in the supply and demand structure, climate protection
efforts, and the increase of renewable generation increase the importance of sufficient

grid infrastructure.

To study the relevance of grid expansion under zonal markets, the long-term model,
developed in Chapter 4, is applied and calibrated to represent European zonal markets

with redispatch. Thereby, expansions of the transmission grid are restricted per decade.

The results show that the incomplete market design, i.e., zonal markets, in combination
with restricted grid expansion leads to a misallocation of generation capacities and the
inability to transport electricity to where it is needed. Thus, intra-zonal congestion
occurs due to missing grid expansion. The market design reveals its inherent incom-
pleteness and leads to severe short and long-term distortions. Energy imbalances in
some regions of up to 2-3 percent and the difficulty to reach envisaged political targets

in the power sector are identified.

1.2 Discussion of applied methodology

The applied methodology was chosen to answer each chapter’s specific research ques-
tions in the best suitable way. Chapter 2 and Chapter 3 apply empirical benchmarking

techniques to estimate the network operators’ cost efficiency. Efficiency benchmarking

5
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techniques are an essential element of German distribution network operators’ regula-
tion. In general, efficiency benchmarking methods can be divided into parametric and
deterministic methods. While deterministic models assume that any deviation from
the efficiency frontier is related to inefficiency, parametric models account for stochastic
noise implying that deviations from the efficiency frontier may be driven either by in-
efficiency or stochastic noise. This thesis focuses solely on parametric methods and in
particular on Stochastic Frontier Analysis (SFA) panel data models. SFA models rely
on strong assumptions regarding the definition of a functional form of the underlying
cost function and the error term distributions. In Chapter 2 we compare models that
differ in the functional form and the consideration of heterogeneity. With this, a consis-
tent framework to compare different models and their specific assumptions is provided.
While Chapter 2 accounts for unobserved heterogeneity that impacts the performance
of network operators but assumes that the underlying cost function is the same for all
network operators, this assumption is relaxed in Chapter 3. Therefore, a latent class
model is applied in Chapter 3 that provides the possibility of parameter heterogeneity in
the cost function of distribution network operators. A general caveat of SFA panel data
models is their relatively high data requirements and their complexity. Especially the
data requirements are challenging as the German regulator does not publish data on the
network operators. In particular, cost-related data must be collected from the annual
reports of individual companies. Network operators do not provide information on their
input prices (e.g., wages), which implies the abstraction from differences in input prices
across German distribution network operators and the inability to account for allocative

(in)efficiency.

The applied SFA models are solved using maximum likelihood or maximum simulated
likelihood estimation. The complexity of the models often leads to difficulties in the
estimation procedure and convergence problems of the models. Especially, this is the case
for maximum simulated likelihood estimation and latent class models which are solved
with maximum likelihood estimation. To ensure the convergence of the model, changes
in the composition or specification of variables, the functional form or the distribution
of the error term may be required. Thus, it is a balancing act to define a proper model

and ensure its convergence.

In Chapter 4 and Chapter 5 the focus of the research questions shifts from the network
operators’ regulation to the analysis of congestion management. To depict various con-
gestion management measures and thus the interaction between transmission and gener-
ation services an economic modeling framework based on a decomposed inter-temporal
equilibrium model is used. The decomposed model with a generation and transmission
level is able to represent different market designs that vary in the information exchange

between the transmission and generation sector. In the nodal system, information is

6



1.2 Discussion of applied methodology

perfectly exchanged between the generation and transmission level as nodal prices rep-
resent all available information. To represent incomplete information, the information
that is exchanged between transmission and generation firms is exogenously restricted.
Thus, the analysis exclusively focuses on the impact of the implemented frictions and the
resulting inefficiencies and thus neglects timing issues, such as uncertainty or sequential
moving. As such, the approach substantially differs from classical fundamental equi-
librium models that assume perfect information of all market participants and allows
for imperfect information. However, the decomposition of the model comes at the costs
of an iterative solution algorithm which requires convergence by reaching a pre-defined
convergence criterion. Even though the behavior of the numerical solution algorithm
suggests the model’s convergence, the analytical proof of convergence and the existence

of a global optimum is missing.

To ensure the tractability of the analytical and numerical analysis, we rely on further
assumptions. First, we assume perfect foresight and perfect competition on the genera-
tion side and perfectly regulated (i.e., cost-minimizing) transmission system operators.
Thus, we abstract from strategic behavior or timing issues as the generation and grid
problems are solved simultaneously. Second, we consider the demand side as perfectly
inelastic. For sure, it is a strong assumption that also impacts the magnitude of the
measured inefficiencies of the various market designs. As it may be valid to assume an
inelastic demand today, at least in the short term, it may be less suitable in the future
(e.g., due to time-dependent tariffs for consumers). Third, we abstract from transaction
costs that may result from a change in the market design and any socio-economic fac-
tors influencing the market outcome, for example, due to acceptance problems of grid

expansion projects.

The assumptions made are necessary to ensure the numerical and analytical tractability
of the model but leave room for extensions and improvements by future research. Nev-
ertheless, the presented analytical and numerical approach provides a valuable tool to
assess several further relevant questions, such as different forms of congestion manage-

ment in other European regions or the valuation of grid expansion projects.

In general, it is important to remember the assumptions and restrictions of the empirical,
analytical or numerical models when interpreting the results, especially when general
conclusions should be drawn. This thesis provides a consistent framework to compare
the impact of different regulatory designs of congestion management on the one hand

and the efficiency benchmarking of distribution network operators on the other hand.



2 Distributed generation and cost
efficiency of German electricity

distribution network operators

2.1 Introduction

Electricity networks, which are considered natural monopolies with limited or no compe-
tition, are regulated. Over the last few decades, incentive regulation has been the most
commonly chosen regulatory framework for gas and electricity network operators world-
wide. In 2009, Germany introduced incentive regulation for electricity networks with
the aim of preventing excessively high network access charges and increasing the effi-
ciency of network operators. A key element of incentive regulation is the use of efficiency
benchmarking techniques that determine individual efficiency targets for each network
operator. Regulators use a variety of different econometric methods, such as data envel-
opment analysis (DEA), stochastic frontier analysis (SFA) and semi-parametric methods,
to identify these targets (Kumbhakar and Lien, 2017). Furthermore, within the econo-
metric methodologies, model specifications differ widely with respect to the selection of
variables, the assumptions concerning the underlying functional form and the sources of

inefficiency considered.

In this paper, we employ state-of-the-art stochastic frontier panel data models to in-
vestigate the influence of different model specifications on the estimated individual cost
efficiency targets of a large number of German electricity distribution network oper-
ators. In particular, we focus on the performance of recently developed SFA models
that account for both transient and persistent inefficiency (Colombi et al., 2014, Filip-
pini and Greene, 2016, Tsionas and Kumbhakar, 2014), as opposed to the widely used

conventional SFA models that focus only on one source of inefficiency.

A distinction between transient and persistent inefficiency is important for regulatory

purposes, as policy implications for improving persistent and transient efficiency are
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different. Transient inefficiency, for example induced by short-term managerial misbe-
havior, could be addressed relatively easily by implementing appropriate incentives in the
existing regulatory framework. In contrast, persistent inefficiencies indicate structural
problems that may require a general adjustment of the regulatory approach (Filippini
et al., 2018, Kumbhakar and Lien, 2017).

There are only a few empirical applications that consider different types of efficiency of
electricity distribution network operators. Kumbhakar and Lien (2017) use a panel of
Norwegian electricity distribution companies between 2000 and 2013. They find differ-
ences among models that account for different outcomes in terms of short-term, long-
term and overall efficiency and conclude that a proper regulatory design is crucial to
obtain correct efficiency measures. Kumbhakar et al. (2020) quantify the cost of input
misallocation, differentiating between the persistent and transient technical efficiency
of Norwegian electricity distribution firms between 2000 and 2016. The results show
evidence of persistent inefficiency and non-negligible costs of input misallocation. Using
the data of 28 New Zealand electricity distribution companies from 2000 to 2011, Filip-
pini et al. (2018) analyze the impact of the distinction between transient and persistent
efficiency components in terms of price cap regulation. Based on the identification of
differences, the authors conclude that the regulator should apply differentiated efficiency

measures.

For Germany, there is only one study that distinguishes between transient and persis-
tent efficiency. Using a panel data set with 1,370 observations between 2006 and 2012,
Badunenko et al. (2021) investigate the effect of restructuring electricity distribution
systems following the German reunification and find that Eastern and Western distribu-
tion network operators exhibit the same transient efficiency but vary in their persistent
efficiency. However, as in the few earlier studies for Germany that dealt with only one
source of efficiency (Cullmann, 2012, Hess and Cullmann, 2007, von Hirschhausen et al.,
2006), Badunenko et al. (2021) analyze only technical efficiency and do not consider cost

efficiency.

The lack of studies on the cost efficiency of German distribution network operators
is largely due to the fact that, unlike in other countries, such as Norway and New
Zealand, the German regulator does not publish data on the network operators included
in its efficiency benchmarking. In particular, cost-related data must be collected from
the annual reports of individual companies, which is a cumbersome process. In this
paper, we use a unique and comprehensive panel data set of the financial, technical
and structural characteristics of German distribution network operators from 2011 to
2017 that allows us to estimate both persistent and transient cost efficiency for a large

segment of German electricity distribution network operators.
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Such an analysis is particularly interesting for two reasons: First, with around 900
electricity distribution network operators, Germany has a high number of heterogeneous
network operators. Second, over the last two decades, there has been a significant and
dynamic increase in distributed generation from renewable energy sources. As the major
share of distributed generation is connected to the distribution network and given that
network operators are legally obliged to connect and preferably dispatch distributed
generation, it is likely that they will be financially affected by an increase of distributed
generation. In the short term, the stochastic nature of decentralized generation makes
it difficult to ensure safe and reliable grid operation, which increases the need for active
intervention by the operator. In the long term, network expansion, modernization and

innovation are essential.

The development of distributed generation from renewable energy sources has also been
taken into account by the German regulator. While accompanying studies to the German
regulatory benchmarking do not find a significant influence of distributed generation on
the costs of electricity distribution network operators in the first and second regulation
period, they do find one in the third regulation period (Sumicsid and EE2, 2008, Swiss
Economics and Sumicsid, 2014, Swiss Economics et al., 2019). For the regulatory bench-
marking, however, only cross-sectional data from a single year and a small number of

network operators are used.

In this context, our study is the first to use a large panel data set to analyze the impact of
a large amount of distributed generation from renewable energy sources on the total costs
of German electricity distribution network operators. Second, we analyze how different
model specifications in terms of assumptions regarding the underlying functional form
and the sources of inefficiency influence the estimated cost function parameters and
both transient and persistent cost efficiency estimates. As electricity generation from
renewable energy sources is increasing worldwide and electricity network regulation is
becoming increasingly complex, our results are of high interest for not only German

policy makers but also electricity network regulators globally.

The remainder of the paper is structured as follows: Section 2.2 offers a brief descrip-
tion of the German incentive regulation and the development of distributed electricity
generation, while Section 2.3 presents the methodology. Section 2.4 describes the data,
and Section 2.5 reports the empirical results. Finally, Section 2.6 summarizes the main

results and concludes.
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2.2 The German incentive regulation and distributed elec-

tricity generation

In 2009, Germany introduced incentive regulation with the aim of simulating competition
among electricity distribution network operators and providing incentives to increase
their cost efficiency. To prevent network operators from setting excessively high network

tariffs and earning monopoly rents, an annual revenue cap is assigned to each operator.?

The starting point of this revenue cap is a regulatory period of five years. The first
regulatory period was from 2009 to 2013, the second was from 2014 to 2019 and the
third started in 2019 and will end in 2023. The third year of a regulatory period is also
the base year t = 0 for the following period. This means that the regulator takes the costs
of this year as a starting value for determining the annual revenue caps in the following
regulatory period and in a first step breaks them down into two elements: permanently
non-controllable costs and controllable costs. Examples of permanently non-controllable
costs include concession fees and taxes neither of which can be influenced by a network

operator.

In a second step, the regulator carries out an efficiency benchmarking of the controllable
costs among the network operators and on this basis further breaks down operator-
specific controllable costs into temporarily non-controllable costs and controllable costs.
From an efficiency benchmarking perspective, the temporarily uncontrollable costs rep-
resent efficient costs, whereas the controllable costs represent inefficient costs. If, for
example, the efficiency score for a network operator obtained from the benchmarking is
0.8, the regulator considers 80 percent of the operator’s controllable costs efficient and

20 percent ineflicient.

Finally, on the basis of the cost evaluation and the efficiency benchmarking, the regulator
sets an annual revenue cap RCj; for network operator ¢ in year ¢ according to the following

formula:

By, ,CPI

RC;t = Cpne,it + (Cineio + (1 — DF;4)Creio + ?)(CPIO

— PF) + X4, (2.1)

where Cjpy,;+ denotes the permanently non-controllable costs in year ¢t and Cyye 0 and
C¢,i,0 denote the temporarily non-controllable costs and the controllable costs, respec-
tively, in the base year t = 0. DF represents a distribution factor that increases from
0.2 up to 1 within a regulatory period and thus defines a reduction path for the control-

lable (i.e., the inefficient) costs. Furthermore, the formula includes an efficiency bonus

2The following description in based on the German Incentive Regulation Ordinance (ARegV). More
details can also be found in Swiss Economics et al. (2019).
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By for very efficient network operators that is distributed over the length of the reg-

ulation period T, an inflation correction via the consumer price index gg}é, a general

sectoral productivity factor PF} and some additional factors summarized in X;;, which
are not discussed in detail here for simplicity.? Overall, the revenue cap formula shows
that the German incentive regulation and thus the network operator-specific revenues
strongly depend on a correct determination of the individual efficiency scores of network

operators.

To determine individual efficiency scores, electricity network regulators worldwide use
non-parametric, parametric and semi-parametric benchmarking techniques. These tech-
niques differ in terms of their flexibility and consideration of stochastic noise. Non-
parametric techniques such as DEA are extremely flexible and do not require the as-
sumption of a functional form. However, non-parametric techniques do not take stochas-
tic noise into account and therefore carry the risk of data errors. In contrast, parametric
techniques such as SFA take stochastic noise into account but have the disadvantage of
requiring a functional form, which can lead to specification errors. The German regu-
lator, the Bundesnetzagentur, uses a mixture of both methods to determine individual
efficiency scores. Each network operator is assigned the best efficiency score out of four
model specifications that result from two DEA and two SFA specifications (”best of four

principle”).

Furthermore, the model specifications differ considerably in terms of their consideration
of the heterogeneity of network operators. Since both supply tasks and regional charac-
teristics can vary considerably from one network operator to another, performing only a
simple comparison of the costs would lead to misleading results. For example, network
operators operate in different landscapes, have different network sizes, different numbers
of customers and so forth. Therefore, it is crucial to consider both the individual and re-
gional characteristics of network operators in the efficiency benchmarking. Accordingly,
structural variables that are expected to have an impact on costs must be included in
the benchmarking process. In Germany, the Incentive Regulation Ordinance (ARegV)
defines the variables that have to be considered (§13 AregV). These variables include
the number of exit and metering points, the length of underground cables and overhead

lines, the annual peak load, the supply area and the capacity of distributed generation.

In Germany, the consideration of distributed generation is of particular interest, as there
has been a significant and dynamic increase in distributed generation in recent years.

This increase is mainly due to the support scheme established by the Renewable Energy

3The additional factors include a cost of capital premium for investments after the base year, a quality
factor to ensure quality of supply, volatile cost shares and surcharges or discounts on the regulatory
account. For a detailed description of all factors included in the revenue cap formula and the calculation
of the efficiency bonus, see Incentive Regulation Ordinance (ARegV).
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2.8 The German incentive requlation and distributed electricity generation

Sources Act (EEG). A guaranteed feed-in tariff for 20 years, a connection obligation
and a preferential feed-in have led to a rapid increase in distributed generation. From
2008 to 2017, the number of renewable power plants rose from about 0.5 million to
more than 1.7 million. As shown in Figure 2.1, this increase in facilities is related
to an increase in installed capacity from about 35 GW in 2008 to about 108 GW in
2017 (Bundesnetzagentur, 2019a). Renewable energies also play an important role in
the consumption mix: In 2017, 36 percent of gross electricity consumption came from

renewable sources (Federal Ministry for Economic Affairs and Energy, 2019).

107,508

2008 2009 2010 2011 2012 2013 2014 2015 2016 2017

® Wind onshore  mPhotovoltaics = Biomass Wind offshore  ® Hydropower  m Others

F1cURE 2.1: Installed capacity of distributed generation eligible for EEG payments in
megawatt [MW] Source: Bundesnetzagentur (2019a)

A substantial majority of 98 percent of installed renewable power plants are connected
to the distribution network (E-Bridge et al., 2014). The German distribution network is
operated by almost 900 network operators, which are extremely heterogeneous in terms
of size and structure. Due to the increase in distributed generation, there has been an
intensive discussion concerning the associated cost consequences for network operators.
Challenges arise not only from the pure number of renewable power plants and their
capacity but also from the associated increase in volatility in power generation and the
changing structure of consumers who simultaneously become generators. Stabilizing the
system therefore requires more active intervention by network operators (BDEW, 2016),
which could lead to increasing operating costs. Furthermore, increasing connections of
renewable power plants could result in a need for network expansions. Due to different
network structures (e.g., in urban vs. rural areas), the extent of the necessary network
expansions and thus the investment costs may differ considerably (E-Bridge et al., 2014).
The heterogeneity of network operators and, moreover, the unequal distribution of dis-
tributed generation among network operators may lead to these operators not being
equally affected by the increase in distributed generation. Hence, in the following, we
analyze whether distributed generation has a cost effect and whether it causes differences

in the efficiency of network operators.
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2.3 Methodology

In line with previous studies on the cost efficiency of electricity distribution network
operators, we define the total costs of an electricity distribution network operator as a
function of input prices, outputs and a number of network characteristics that account
for the heterogeneity of an operator’s network environment. Using two outputs and five

network characteristics, the total cost function can be written as

TC = C(QE,QC,ND,SC, DG, I, East, DT) (2.2)

where T'C' denotes the total costs, QF is the amount of electricity supplied, QC is
the number of connection points, ND denotes the network density, SC' is the share
of underground cable in the total network and DG denotes the installed capacity of
distributed generation. Furthermore, we include two dummy variables, I and Fast. [
refers to structural differences in terms of whether or not operators are integrated (i.e.,
operators that operate an electricity and a gas distribution network or only operate an
electricity distribution network). In addition, Fast captures structural differences of
operators located in East or West Germany. Finally, the dummy variables DT capture

changes over time.

Due to a lack of data, we do not include input prices in our analysis. Thus, we assume
that there exist no significant differences in input prices across distribution network
operators in Germany, an assumption that has been used in other electricity network
studies and is also used by the German regulator (Filippini and Wetzel, 2014, Swiss
Economics et al., 2019). A detailed description of the variables and their expected

impact on total costs is provided in the following section (see Section 2.4).

In the next step of the analysis, we define a functional form for the total cost function.
In empirical studies on electricity network operators, the Cobb-Douglas and translog
functional forms are most commonly used. The Cobb-Douglas functional form is rel-
atively simple and easy to estimate. However, it has the drawback that it imposes a
number of a priori restrictions on the structure of the underlying technology. A translog
functional form is more flexible but more difficult to estimate. Particularly when it
comes to highly correlated variables, the translog function form can easily suffer from
multicollinearity problems (Filippini et al., 2018). For reasons of comparison and to
investigate the impact of different functional forms on the inefficiency estimates, we use
both the Cobb-Douglas and the translog functional forms in our analysis. Based on

Equation 3.5, the translog cost function can be written as
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InTCy =0 + BorlnQE; + BoclnQCs: + ByplnN Dy + BsclnSCi + BpalnDGiy
+0.580EqE(INQEy)? + 0.5Bgc0c(InQCy4)? + 0.58npNnp(InN Djyt)?
+0.58sc5¢(InSCit)* + 0.56papc(InDGy)? + BorecInQEqInQCy,

+ BoenDInQE;InN Dy + BorscInQEynSCiy + Boepain@QEInDG
+ BoenplnQCyInN Dy + BoosclnQCinSCiy + BoepalnQCyIn DGy
+ BnpscInNDiinSCit + BnppalnN DiIn DGyt + BsopalnSCitin DGy
+ B11; + PBrastBast; + BTy + €
(2.3)
where 7 indicates the firm and ¢ the time period, the 8s are the unknown parameters to
be estimated and €;; is the error term. The Cobb-Douglas functional form is nested in
the translog functional form with all second-order and interaction terms dropped from

Equation 2.3. Later, we use postestimation likelihood ratio tests to determine which

functional form represents a better fit to the data.

A large number of SFA models for panel data can be used to estimate the defined total
cost function. For reasons of comparison, we use three models in our analysis. As shown
in Table 2.1, the models differ in terms of the econometric specification of the error term

€;¢ and thus in their measurement of both persistent and transient inefficiency.

Model I - RE Model II - TRE Model IIT - GTRE
Error term €it = Vit + U4 €t = Wi + Vit + Use €it = wi + hi + vit + Wit
Vip ~ N[O,U?,] vie ~ NJO, 012,] vie ~ NJO, 05}
u; ~ N1[0,02) wit ~ N1[0,02) uit ~ N1[0,02)
wi ~ N|[0,02] wi ~ N[0,02]
hi ~ N1[0,07]
Estimator
Persistent inefficiency E(uil€ir, - ., &r) E(h;leit)
Transient inefficiency E(ust|est) E(ust|€st)

TABLE 2.1: Econometric specification

The first model is the random effects (RE) model proposed by Pitt and Lee (1981). In
this model, the error term consists of two components: a half-normally distributed time-
invariant component u; which measures persistent inefficiency and a normally distributed
time-varying component v;; which captures random noise. The model estimates are
obtained by maximum likelihood estimation, and, as proposed by Jondrow et al. (1982),

the individual level of inefficiency is predicted by the conditional mean of the inefficiency
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term wu;. The major shortcomings of this model are that it only estimates persistent
inefficiency and that all time-invariant individual effects are included in the inefficiency
estimates. Consequently, should any time-invariant unobserved heterogeneity exist, the

RE model will tend to overestimate the level of persistent inefficiency (Greene, 2005a).

The second model is the true random effects (TRE) model developed by Greene (2005a,b).
This model accounts for the shortcomings of the RE model by adding an individual ran-
dom effect w; to the error term. As a result, the normally distributed time-invariant
component w; captures time-invariant unobserved heterogeneity, and the half-normally
distributed time-variant component wu;; measures transient inefficiency. The model es-
timates are obtained by maximum simulated likelihood estimation, and, as in the RE
model, the individual level of inefficiency is predicted by the conditional mean of the
inefficiency term wu;;. This specification separates time-invariant unobserved heterogene-
ity from time-varying inefficiency and therefore addresses one of the two limitations of
the RE model. However, since all time-invariant individual effects are treated as unob-
served heterogeneity, any persistent inefficiency is not included in the inefficiency term.
Consequently, while the RE model tends to overestimate inefficiency, the TRE model
tends to underestimate it (Farsi et al., 2006).

This problem is accounted for by the third model, the recently proposed generalized true
random effects (GTRE) model (Filippini and Greene, 2016). The GTRE model accounts
for both persistent and transient inefficiency by adding a fourth component h; to the
error term. Thus, h;, captures persistent inefficiency and is assumed to be half-normally
distributed. As before, v; accounts for random noise, w; reflects unobserved time-
invariant heterogeneity and u; measures transient inefficiency. As for the TRE model,
the model estimates are obtained by maximum simulated likelihood estimation, and the
individual levels of persistent and transient inefficiency are predicted by the conditional
mean of the corresponding inefficiency terms w;; and h; following the approach outlined
in Filippini and Greene (2016).

Individual persistent efficiency scores are calculated as PE; = exp(—1;) in the RE model
and as PE; = exp(—h;) in the GTRE model. Individual transient efficiency scores are
calculated as T'E; = exp(—u;). A value of one indicates 100 percent efficiency, and a

value lower than one indicates some degree of inefficiency.

Despite the fact that the GTRE model is the most sophisticated of the three models and
addresses several of the shortcomings of the other two models, we retain the RE and the
TRE models in our analysis for reasons of comparison. The RE and TRE model are still
extremely popular in the field of parametric efficiency analyses, and one contribution of
our analysis is showing the impact of different modeling approaches on the estimated

efficiency scores in a regulatory framework.
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2.4 Data

For our analysis, we use a comprehensive and unique database of German electricity
distribution network operators from 2011 to 2017. Financial data are obtained from the
publicly available financial reports of energy firms that operate an electricity distribution
network. By law, vertically integrated energy firms in Germany have to publish separate
accounts concerning their activities in electricity and gas distribution (§6b Energy In-
dustry Act (EnWG)). These separate accounts allowed us to collect financial data that
are directly connected to the operation of electricity distribution networks and are not
combined with other activities that these firms engage in. In addition, we extended the
database with technical data from the professional data provider ene’t and with data
on renewable power plants from the renewable power plant installation register main-
tained by the four German transmission system operators (50 Hertz Transmission GmbH
et al., 2018). The register contains all renewable power plants that are subsidized by the
EEG, which applies to more than 95 percent of all renewable power plants in Germany

(Bundesnetzagentur, 2019a, Federal Ministry for Economic Affairs and Energy, 2019).

Year 2011 2012 2013 2014 2015 2016 2017
Network operators [number]
Sample 299 318 326 348 354 351 113
Germany 869 883 883 884 880 875 878
Percent 34 36 37 39 40 40 13
Network length [million km]
Sample 0.7 0.8 0.8 0.8 1.1 1.1 0.4
Germany 1.9 1.8 1.8 1.8 1.8 1.8 1.8
Percent 37 44 44 44 61 61 22
Connection points [million]
Sample 21.8 22.6 22.9 25.4 31.7 32.8 13.0
Germany 47.7 48.8 49.9 50.1 50.3 50.7 50.5
Percent 44 46 46 51 63 65 26
Distributed generation [GW]
Sample 33.8 39.2 38.2 44.3 58.8 66.2 14.9
Germany 62.2 72.9 78.8 85.4 92.9 99.5 107.5
Percent 37 54 48 52 63 67 14

Sources: Bundesnetzagentur (2013c, 2014a,b, 2016a,b, 2017, 2019a,b)

TABLE 2.2: Sample overview

Table 2.2 shows the number of observed electricity distribution network operators, the
total network length, the total number of connection points and the total installed
capacity of distributed generation included in our sample by year. In addition, we also
present the total numbers for Germany for reasons of comparison. Our sample contains
2,109 observations from 453 distribution network operators. Notably, there are much

fewer observations in 2017 than in the other years, as not all firms had published their
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annual reports for 2017 at the time of data collection. In consequence, the volumes of
the other variables are also lower in 2017 than in 2016. Overall, the table shows that
our sample covers a large proportion of the German electricity distribution sector. In
particular, in 2015 and 2016, our sample represents more than 60 percent of the sector in
terms of network length, connection points and distributed generation. The scope of our
dataset thus renders it quite unique, since, in contrast to other countries, no detailed
publicly available data on electricity network operators are provided by the German

regulator.

Table 2.3 shows descriptive statistics of the variables used in the total cost function
defined in Equation 2.3. Total costs (T'C') are defined as the sum of variable and capital
costs. The variable costs consist of personnel expenses, material expenses and other
operating expenses, while the capital costs consist of depreciation and opportunity cost
of capital. The opportunity cost of capital is calculated by multiplying fixed assets by the
interest rate paid on long-term debt. All monetary values are adjusted for inflation using
the consumer price index for Germany and are stated in year 2010 Euros. To define the
cost function, we consider two outputs: the number of connection points (QQC') and the
electricity transferred in gigawatthours (QFE). These two outputs reflect the two elements
of the joint service of electricity distribution: network connection and electricity supply
(Neuberg, 1977). Numerous empirical studies on electricity distribution networks have
used this output combination (Cullmann, 2012, Filippini and Wetzel, 2014, Growitsch
et al., 2012, Hess and Cullmann, 2007).

Mean Median Std. dev. Minimum  Maximum
Total costs (million 2010€) 61.54 11.53 263.60 0.25 5,235.34
Electricity transferred (GWh) 1,993.72 244.93 10,191.12 4.76  247,549.60
Connection points (thousand) 80.69 18.58 273.13 0.45 4,965.61
Distributed generation (MW) 140.10 14.70 908.11 0.35 16,120.73
Network density 37.12 32.97 24.67 6.49 268.97
(connection points/network km)
Share of cable 0.93 0.97 0.09 0.14 1.00
(cable km/network km)
Integrated 0.80 0 1
East 0.19 0 1

TABLE 2.3: Descriptive statistics

Furthermore, to account for the rapidly increasing number of renewable power plants
connected to German electricity distribution networks, we include the variable dis-
tributed generation (DG). DG is measured in megawatts and comprises the installed
capacity of wind energy (on and offshore), solar power, biomass, hydropower, deep
geothermal energy, mine gas, landfill gas and sewage gas. Since connecting fluctuating

renewable energy sources to the network incurs both connection and system stability

18



2.4 Data

costs, we expect a positive sign for the distributed generation coefficient, indicating
higher costs for distribution operators with a higher amount of distributed generation

connected to the network.

Figure 2.2 presents frequency distributions of the two outputs and the distributed gen-
eration. For clarity, the graphs are limited to the 90 percent percentiles and thereby
show that approximately 90 percent of network operators transfer less than 3,000 GWh
electricity, have fewer than 165,000 connection points and less than 80 MW installed
capacity of distributed generation connected to their network in all years. The right-
skewed distributions shown in Figure 2.2 illustrate the high number of small network
operators in the sample. The median values in Table 2.3 show that about 50 percent of
the distribution network operators transferred less than 245 GWh electricity, have fewer
than 19,000 connection points and less than 15 MW installed capacity of distributed
generation connected to their network in all years. These numbers show the highly frag-
mented structure of the German electricity distribution sector. Nevertheless, our data
set also includes a number of very large distribution network operators. The largest net-
work operator in the sample is Westnetz, which transferred 247 TWh of electricity and
had almost 5 million connection points in 2015. With more than 16 GW installed ca-
pacity of distributed generation connected to its network, Avacon AG is the distribution

network operator with the highest capacity of distributed generation in the sample.

In addition to the large differences in the levels of the two outputs and the installed
capacity of distributed generation connected to the networks, we also see large differences
in the other structural variables included in our analysis. Network density varies from
very dense networks with up to 270 connection points per network km to very low density
networks with only six connection points per network km. A similar picture emerges for
the share of underground cables in the total network, which ranges between 14 and 100
percent. We expect a negative sign for the network density coefficient, indicating that
networks with higher density can benefit from density effects and can therefore operate
at lower costs than other networks (see, e.g., Filippini and Wetzel (2014)). In contrast,
we expect a positive sign for the cable share coefficient, indicating higher construction
and operating costs for networks with a higher share of underground cables (see, e.g.,
von Hirschhausen et al. (2006); Hess and Cullmann (2007)).

The variable ‘integrated’ equals one if a network operator operates both an electricity
and a gas distribution network and zero otherwise. As indicated in Table 2.3, about 80
percent of the electricity distribution operators in our sample are integrated (i.e., operate
an electricity and gas distribution network). Assuming that integrated operators can

benefit from scope economies, we expect a negative sign for the integrated coefficient,
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FIGURE 2.2: Frequency distributions of transferred electricity [GWh] (a),
connection points (b) and distributed generation [MW] (c)

indicating lower costs for integrated operators than for non-integrated operators (see,
e.g., Fetz and Filippini, 2010, Triebs et al., 2016).

Finally, the variable ‘east’ equals one if the network is located in East Germany (includ-
ing Berlin) and zero otherwise. By including this variable, we account for differences
that might stem from the history of socialism and the related modernization investments
in East Germany after the German reunification. Thus, we expect a positive sign for the
east coeflicient, indicating higher costs for networks in East Germany than for networks
in West Germany (see, e.g., von Hirschhausen et al. (2006); Hess and Cullmann (2007)).
About 20 percent of the electricity networks in our sample are located in East Germany.
Overall, our data show that the German electricity distribution sector is not only highly

fragmented but also characterized by a high degree of heterogeneity.
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2.5 Results

2.5.1 Cost function estimation

The estimated results for the Cobb-Douglas and the translog specifications of the three
econometric models are presented in Table 2.4. Since total costs and the regressors
are in logarithmic form and the regressors are normalized at their sample median, the
coefficients can be interpreted as cost elasticities evaluated at the sample median. The
first-order coefficients for the two outputs have the expected signs and are highly statisti-
cally significant in all estimations. The estimated coefficients for the electricity supplied
vary between 0.142 and 0.156 in the Cobb-Douglas specification, indicating that a 10
percent increase in the number of kilowatt-hours supplied increases total costs by about
1.4 to 1.6 percent. The corresponding coefficients in the translog specification are slightly
lower, indicating a total cost increase of about 0.8 percent as a result of a 10 percent
increase in electricity supplied. Similar to many other studies (e.g., Badunenko et al.,
2021, Filippini and Wetzel, 2014), the estimated coefficients for the second output, the
number of connection points, are much higher. Across both cost function specifications,
the estimated coefficients vary between 0.563 and 0.712. Hence, a 10 percent increase
in the number of connection points is estimated to increase total costs by about 5.6 to

7.1 percent.

The estimated coefficients for the network characteristics (network density, share of ca-
ble and integrated network operator) also have the expected signs, and most of them
are statistically significant at least on the 10 percent level. Only in the Cobb-Douglas
specification the coefficients for the share of cable are not statistically significant. Over-
all, our estimation results indicate that network operators with a higher network density
and integrated network operators that provide both electricity and gas supply services
have lower costs, while network operators with a higher share of cable face higher costs.
In particular, for integrated network operators, the estimated coefficients suggest costs

that are about 4 to 9 percent lower.

As expected, the estimated coefficients for the dummy variable ”east” are positive in all
models. However, within the translog specification, only one of three coefficients is sta-
tistically significant, indicating costs about 5 percent higher for operators located in East
Germany compared to operators located in West Germany. Within the Cobb-Douglas
specification, all coefficients are statistically significant and indicate a cost difference of
about 5 to 7 percent. The estimated time dummy coefficients are very similar across all

models and suggest a significant cost increase over time. In 2017, the network operators
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Cobb-Douglas Translog
Variable RE TRE GTRE RE TRE GTRE

Constant  15.789™**  16.288"**  16.303"** 15.728"** 16.172***  16.134"*
(0.024)  (0.017)  (0.016) (0.029)  (0.031)  (0.016)

InQE  0.142°**  0.144™*  0.156***  0.080***  0.080***  0.084***
(0.014)  (0.007)  (0.007) (0.021)  (0.008)  (0.008)

InQC  0.657**  0.581"*  0.563"*  0.712"**  0.629"*  0.635"*"
(0.018)  (0.009)  (0.009) (0.031)  (0.011)  (0.011)

InND  -0.265""  -0.267***  -0.264™*  -0.236"** -0.282"**  -0.209"**
(0.020)  (0.010)  (0.010) (0.036)  (0.014)  (0.013)

InSC 0.068 0.014 0.010 0.318** 0.114*  0.193***
(0.067) (0.038) (0.037) (0.153) (0.060) (0.053)
I -0.066*  -0.090***  -0.064**  -0.055"  -0.068"**  -0.038"**

(0.024)  (0.010)  (0.010) (0.029)  (0.011)  (0.010)
InDG 01587 0.224™*  0.225"*  0.173"*  0.2217"*  0.219"**
(0.012)  (0.005)  (0.005) (0.017)  (0.006)  (0.006)

Fast 0.060** 0.052*** 0.073*** 0.004 0.008 0.050***
(0.025) (0.010) (0.010) (0.030) (0.011) (0.010)
2012 0.014 -0.001 0.006 0.016 0.010 0.011
(0.023) (0.021) (0.020) (0.024) (0.021) (0.019)
2013 0.064*** 0.046*** 0.051*** 0.065*** 0.059*** 0.060***
(0.018) (0.018) (0.017) (0.020) (0.018) (0.016)
2014 0.086*** 0.062*** 0.068*** 0.087*** 0.076*** 0.076***
(0.018) (0.017) (0.016) (0.019) (0.017) (0.016)
2015 0.098"** 0.069"** 0.077**" 0.099*** 0.082"** 0.085"**
(0.020) (0.017) (0.017) (0.022) (0.018) (0.017)
2016 0.162*** 0.133*** 0.139*** 0.163"** 0.148*** 0.146***
(0.021) (0.018) (0.018) (0.022) (0.019) (0.017)
2017 0.181*** 0.142*** 0.155*** 0.179*** 0.161*** 0.162***
(0.028) (0.024) (0.023) (0.034) (0.025) (0.023)
Log 6.221 100.948 91.792 66.793 167.132 139.139
likelihood

Notes: To conserve space the first-order coefficients are presented only. The second-order and
interaction coefficients are available from the authors upon request. Standard errors in parentheses.
% ** and *: Significant at the 1%-, 5%-, and 10%-level. The estimations have been performed in
NLOGIT 6.

TABLE 2.4: Estimation results

are estimated to have had costs about 14 to 18 percent higher when compared to the

costs in 2011.

Finally, with regard to distributed generation, all coefficients are statistically significant
at the 1 percent level and show a positive sign. The coefficients vary between 0.158 and
0.225, which indicates that a 10 percent increase in the installed capacity of distributed
generation results in a total costs increase by about 1.6 to 2.3 percent. These results
show that distributed generation is a significant cost driver in the production process of
German electricity distribution network operators and thus should be included in the

benchmarking procedure.
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2.5 Results

2.5.2 Cost efficiency

Table 2.5 shows descriptive statistics for both the transient and persistent efficiency
scores, which are estimated with the three econometric and the two functional form
specifications. First, it can be seen that the estimates from the Cobb-Douglas and
the translog specifications are very similar in all models. The highest difference in the
average efficiency level of about 3.25 percentage points is shown for the TRE model.
This result indicates that with respect to the estimated efficiency levels, the choice
between a Cobb-Douglas and a translog specification when it comes to functional form
is of minor importance in the case of German electricity distribution network operators.
This result is also supported by the Kernel density estimates shown in Figure 2.3. For all
models, the distribution obtained from the Cobb-Douglas specification is very similar to
the distribution obtained from the translog specification. Nevertheless, post-estimation
likelihood-ratio tests indicate that, in all models, the translog specification is preferred

over the Cobb-Douglas specification.

Mean Std. dev. Minimum Maximum
Persistent efficiency
Cobb-Douglas, RE model 0.6343 0.1597 0.1782 0.9888
Translog, RE model 0.6601 0.1583 0.1716 0.9895
Cobb-Douglas, GTRE model 0.8146 0.0082 0.6619 0.8346
Translog, GTRE model 0.8153 0.0059 0.7505 0.8369
Transient efficiency
Cobb-Douglas, TRE model 0.9458 0.0096 0.7073 0.9844
Translog, TRE model 0.9783 0.0014 0.9427 0.9892
Cobb-Douglas, GTRE model 0.8933 0.0350 0.4309 0.9760
Translog, GTRE model 0.8750 0.0478 0.2861 0.9693

TABLE 2.5: Cost efficiency scores

A completely different picture emerges when comparing the estimated efficiency values
across the three econometric models. Focusing on the mean values obtained with the
translog specification, our results show that the mean values of persistent efficiency
vary from 66.01 percent in the RE model to 81.53 percent in the GTRE model. This
difference of about 15.52 percentage points is due to the fact that, in the RE model, all
unobserved time-invariant heterogeneity is included in the efficiency scores, while this
is not the case in the GTRE model. Hence, our results indicate that the RE model
significantly underestimates the persistent efficiency of German electricity distribution

operators.
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FIGURE 2.3: Kernel density estimates of persistent efficiency (a,b)
and transient efficiency (c,d)

A similar picture emerges for the estimates of transient efficiency obtained from the TRE
and GTRE models. For the translog specification, the mean value in the TRE model is
about 10.33 percentage points higher than in the GTRE model. As the GTRE model
is the more sophisticated model in that it accounts for both persistent and transient
efficiency, this result suggests that the TRE model overestimates the transient efficiency

of German electricity distribution operators.

In addition to the differences in the efficiency levels, possible differences in the efficiency
rankings are also relevant (see, e.g., Filippini et al., 2018). Table 2.6 reports the correla-
tions among the estimated efficiency levels estimated by the three econometric and the
two functional form specifications. The correlation coefficients for the Cobb-Douglas and
the translog specifications vary between 0.88 and 0.97 in the three econometric speci-
fications and thus indicate only minor differences in the efficiency rankings obtained
from the two functional forms. Only slightly lower correlation coefficients are shown for
transient efficiency as estimated by the TRE and the GTRE models, namely 0.88 for the
Cobb-Douglas and 0.80 for the translog specification. However, the lowest correlation
coefficients among the estimated efficiency levels and hence the largest differences in
the efficiency ranking are observed for persistent efficiency. The correlation coefficient
between the RE and GTRE model is 0.61 for the Cobb-Douglas specification and 0.65

for the translog specification.
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2.5 Results

Cobb- Translog Cobb- Translog
Persistent efficiency Douglas, RE ’ Douglas, ’
model RE model GTRE model GTRE model
Cobb-Douglas, RE model 1 0.918 0.614 0.624
Translog, RE model 0.918 1 0.558 0.654
Cobb-Douglas, GTRE model 0.614 0.558 1 0.882
Translog, GTRE model 0.624 0.654 0.882 1
Transient efficiency DCOEZE;S Translog, D(;?lzgs Translog,
TRE model TRE model GTRE model GTRE model
Cobb-Douglas, TRE model 1 0.965 0.878 0.815
Translog, TRE model 0.965 1 0.834 0.802
Cobb-Douglas, GTRE model 0.878 0.834 1 0.931
Translog, GTRE model 0.815 0.802 0.931 1

TABLE 2.6: Correlation coefficients

Overall, our results show that, in particular, the econometric specification of the model
significantly influences the estimated efficiency scores for German electricity distribution
operators. In comparison, the choice of the functional form is of minor importance.
Nevertheless, with regard to the estimated coefficients, some differences can also be

identified in this context.

In addition, if we consider the results of the translog GTRE model as being most reliable,
we find an average transient efficiency of about 88 percent, while the average persistent
efficiency is lower, at about 82 percent. This result suggests that German electricity
distribution network operators could reduce their total costs by an average of about
12 percent by improving their short-term management performance and by about 18
percent by long-term restructuring efforts. One reason for the higher level of persistent
inefficiency could be the highly fragmented structure of the sector. Indeed, the estimated
results in Table 2.4 indicate that the sector is characterized by economies of scale.*
Therefore, one way to increase the level of persistent efficiency could be to merge small

operators into larger units.

2.5.3 Distributed generation

With regard to distributed generation, the results presented in Table 2.4 show that the
installed capacity of renewable power plants is a significant cost driver. In addition,

we are interested in whether there are significant differences in the transient efficiency

“Economies of scale (ES) are defined as the proportional increase in total costs brought about by a
proportional increase in outputs, holding all other explanatory variables fixed: ES = 1/( gf;‘gg + gfzgg ).
Economies of scale are present if ES is greater than 1 (Filippini and Wetzel, 2014).
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levels among network operators with a high and a low installed capacity of distributed
generation. Table 2.7 presents the estimated mean values of transient efficiency for
distribution networks with a very low (below 2.69 MW), a low (between 2.69 and 5.82
MW), a high (between 30.43 and 75.55 MW) and a very high capacity of distributed
generation (above 75.55 MW).? It can be seen that, in all model specifications, the mean
efficiency values are very similar for the considered four groups of distribution network
operators. Furthermore, non-parametric Wilcoxon rank-sum tests indicate that at least
at the 5 percent level of significance, the hypothesis that the mean transient efficiency
level is the same for the four considered capacity levels of distributed generation cannot
be rejected. Hence, we do not observe any significant differences in the efficiency levels
of distribution network operators with high and low installed capacity of distributed
generation, at least as long as the installed capacity of distributed generation is included

as a cost driver in the total cost function.

Installed capacity of distributed generation =~ Wilcoxon Wilcoxon
very low  low vs.

Ver . Ver
10Wy Low High hig}}; vS. very high
(N=210) (N=HO) (N=8ID 315y high
Transient efficiency Mean Mean Mean Mean p-value p-value
Cobb-Douglas, TRE model  0.9460 0.9460 0.9454 0.9452 0.132 0.743

Translog, TRE model  0.9783 0.9783 0.9783 0.9782 0.077 0.803
Cobb-Douglas, GTRE model  0.8933 0.8931 0.8932 0.8903 0.640 0.331
Translog, GTRE model  0.8759 0.8729 0.8767 0.8705 0.750 0.285

TABLE 2.7: Comparison of mean transient efficiency by installed capacity of distributed
generation

2.5.4 Locational differences

Finally, we consider efficiency differences between distribution network operators located
in East and West Germany. Badunenko et al. (2021) find that East German distribution
network operators on average perform better than West German distribution network
operators in terms of persistent efficiency but not in terms of transient efficiency. Fig-
ure 2.4 shows the Kernel density estimates of the persistent and transient efficiency
scores obtained from the translog GTRE model with the estimates being displayed sep-
arately for Fast and West German distribution network operators. The distributions
are very similar for both kinds of efficiency. This finding indicates that there are hardly

any significant differences in terms of both transient and persistent efficiency between

>The thresholds are chosen based on the 10*", 25" 75" and 90*" percentiles of the variable ”dis-
tributed generation”.
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Eastern and Western electricity distribution operators. This finding is also supported

by complementary Wilcoxon rank-sum tests for all other model specifications.

Regarding persistent efficiency, this result is contrary to that obtained by Badunenko
et al. (2021). This inconsistency may be due to the fact that our observation period
starts in 2011 and runs until 2017, while the observation period of Badunenko et al.
(2021) starts in 2006 and ends in 2011. Thus, the data of Badunenko et al. (2021) are
much closer to the date of the German reunification and thus to the beginning of the
restructuring of the electricity sector in East Germany than ours. Furthermore, the
empirical models differ: While Badunenko et al. (2021) use an input distance function
approach and hence focus on technical efficiency measures, we apply a cost function

approach and consider cost efficiency measures.
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FIGURE 2.4: Comparison of distribution network operators’ persistent (left) and tran-
sient (right) efficiency in East and West Germany

2.6 Conclusions

Efficiency benchmarking techniques are an essential component of incentive regulation
in many network industries, such as telecommunications, water, electricity and gas.
Regulators around the world use a variety of econometric methods and model specifica-
tions, and academic research is continuously contributing to the development of these
techniques. Particularly for regulated sectors, recent developments in stochastic fron-
tier panel data models are of special interest, as such advancements make it possible to

distinguish between transient and persistent inefficiency in a single model.

Using a comprehensive and unique data set of financial, technical and structural charac-
teristics of German distribution network operators from 2011 to 2017, we estimated both
the transient and persistent cost efficiency of German distribution network operators.
Our results indicate an average cost reduction potential of about 12 percent in the short
term and about 18 percent in the long term when both sources of inefficiency are ac-

counted for in a single model. These results are robust to the choice of a Cobb-Douglas
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2 Distributed generation and cost efficiency of German electricity distribution network operators

or translog functional form. However, the comparison with econometric models that ac-
count for either only transient or only persistent efficiency shows significant differences
in terms of efficiency estimates and suggests that ignoring one or the other source of
inefficiency can lead to false efficiency targets in incentive regulation. In accordance
with Filippini et al. (2018) and Kumbhakar et al. (2020), we therefore conclude that
the German regulator should consider both transient and persistent cost efficiency in its
regulatory approach and use different measures to address inefficiencies resulting from

both short-term management mistakes and from long-term structural problems.

Due to the significant and dynamic increase in decentralized generation from renewable
energy sources in Germany over the last two decades, we were also interested in the
effects of an increasing capacity of distributed generation on the total costs of distribu-
tion network operators. As expected, we find that distributed generation is a significant
cost driver in the production process of German electricity distribution network opera-
tors. Our results indicate that a 10 percent increase in distributed generation capacity
leads to a total costs increase of about 1.6 to 2.3 percent. In terms of cost efficiency,
however, we did not find any significant differences among network operators with high
and low installed distributed generation capacity in transient efficiency. These results
indicate that distributed generation has no impact on cost efficiency, at least in Ger-
many. However, it is important, particularly in contexts with a high share of distributed
generation, to take distributed generation into account in the cost function and thus in

the regulatory approach.

We conclude that the distinction between transient and persistent efficiency is highly
relevant for German electricity distribution companies. Transient and persistent inef-
ficiency have different causes and different policy implications in terms of improving
efficiency. Furthermore, generally speaking, regulatory approaches globally and not just
in Germany should be constantly adapted to novel circumstances, such as the increasing
expansion of renewable energies. Electricity distribution network operators worldwide
are facing major challenges in transforming power supply systems towards a sustainable
energy supply. Not only on the generation side, the increase in the use of new technolo-
gies will necessarily lead to adjustments and thus to different cost structures. Increased
electric mobility or the use of heat pumps and electricity storage systems will also have
an impact. Such future developments must be taken into account in further research and
regulation and thus also in the efficiency comparison of electricity distribution network

operators.
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3 Unobserved technological
heterogeneity among German
electricity distribution network

operators - a latent class analysis

3.1 Introduction

Electricity distribution is a common example of a market segment that exhibits char-
acteristics of a natural monopoly. In order to avoid monopoly rents and to ensure a
cost-efficient operation of the network, distribution network operators are regulated.

Thereby, incentive regulation is often used in regulatory practice.

Yardstick competition was one of the first concepts of incentive regulation introduced
by Shleifer (1985). Based on the idea of yardstick competition, efficiency benchmarking
was implemented in Germany in the year 2009 (Swiss Economics et al., 2019). Efficiency
benchmarking aims at determining the individual cost efficiency based on a comparison
to the best practice, i.e., firms with the lowest costs. With this simulated competi-
tion, benchmarking should lower costs and thus increase efficiency. The efficiency of
benchmarking is based on the relatively strong assumption that firms are identical or
that heterogeneity across firms is accounted for correctly (Shleifer, 1985). However, as
identical firms’ premise is rarely fulfilled in practice, regulators are especially concerned
about addressing heterogeneity across network operators to achieve reliable efficiency

estimates.

In this paper, we estimate the cost efficiency of German network operators, explicitly
accounting for technological heterogeneity® across network operators. In particular, we

investigate whether technological differences across network operators are related to

SThroughout the paper, the technology of network operators is described by the network operators’
cost function. Thus, technological heterogeneity refers to the fact that different cost function parameters
may be suitable to describe heterogeneous production processes of network operators.
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8 Unobserved technological heterogeneity among German electricity distribution network operators

the capacity of distributed generation from renewable energy sources that is installed
in the network operators’ area. This is particularly challenging, as network operators
differ according to many characteristics, some of which are beyond and some within
their control. Differences may be, for example, due to technical (e.g., network length,
condition of the networks), structural (e.g., number and type of customers, network
density, capacity of renewable energy sources), environmental (e.g., weather conditions,
landscape), and other characteristics. Some of these differences can be observed by the
regulator and can thus be accounted for in the benchmarking procedure. For example,
technical data on the network infrastructure must be submitted to the regulator by
the network operators, and data on renewable energy sources are publicly available.
In contrast, there may be factors that cause differences across network operators but
are unobservable, too complex, and too expensive to account for — or no data exists
(Cullmann, 2012). Amongst others, only network operators are aware of their network
condition. Furthermore, environmental differences may to some extent be observable,
albeit expensive (e.g., rain hours, days of snow), but a majority may be unobservable
or hard to measure (e.g., ground condition, flat or mountainous landscape). Thus, a
residual of heterogeneity remains, that the regulator is not able to account for, i.e.,

unobserved heterogeneity (Agrell et al., 2014).

As the benchmarking results have a direct financial impact, addressing unobserved het-
erogeneity is a crucial and challenging task for regulators. Recently developed panel data
models provide several approaches to account for unobserved heterogeneity (e.g., Greene
(2005a,b) and Filippini and Greene (2016)). These models assume a common produc-
tion process of network operators. However, unobserved heterogeneity may also impact
the production process of network operators (Cullmann, 2012). Thereby, the production
process, and thus the technology of network operators, is described by the production
or cost function of network operators. The aforementioned models assume a common
technology, i.e., efficiency frontier, and thus neglect to account for heterogeneous cost
and production functions among network operators. In doing so, homogeneous assets,
services, and operations of firms (Agrell and Brea-Solis, 2017) as well as identical techno-
logical characteristics (e.g., marginal costs and economies of scale) are assumed (Llorca
et al., 2014); however, it is questionable whether this holds in practice. For example,
an increase in the capacity of distributed generation from renewable energy sources may
only have a low cost impact for some network operators while others have a significantly
higher cost increase. This difference in marginal costs may, for example, be driven by dif-
ferent plant types (e.g., wind vs. photovoltaic (PV)) or environmental differences (e.g.,
a mountainous landscape in contrast to a flat landscape). Thus, recent developments

such as the dynamic and vast increase in renewable energies and the development of
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smart and active grids make the assumption of homogeneous conditions for network op-
erators even more difficult (Agrell and Brea-Solis, 2017) and may increase technological
heterogeneity. If any technological heterogeneity exists, current regulatory approaches

either overlook the differences or misinterpret them as network operators’ inefficiency.

To account for technological differences, i.e., heterogeneous cost and production func-
tions, across network operators, so-called latent class models can be applied. Latent
class models allow for firms to be sorted into different classes with a common cost or
production function. The idea of combining latent class modeling with stochastic fron-
tier analysis models is based on the work of Orea and Kumbhakar (2004) and Greene
(2005b). Using data on the Spanish banking system, Orea and Kumbhakar (2004) iden-
tify four different classes to account for technological differences across banks between
the years 1992 and 2002. They conclude that bank heterogeneity can be fully controlled
for, which would otherwise bias efficiency results if technological differences remain un-
controlled. Greene (2005b) applies a latent class model to the U.S. banking industry.
He compares different empirical approaches to consider heterogeneity across firms and
concludes that a latent class model with two classes can address unobserved hetero-
geneity in the U.S. banking industry. Assuming that unobserved characteristics may
impact German network operators’ production process, Cullmann (2012) estimates a la-
tent class model for a panel data set of German distribution network operators from the
years 2001 to 2005 to disentangle inefficiency from heterogeneity. She concludes that
there are indicators that small and large German distribution operators use different
technologies. Llorca et al. (2014) apply a latent class analysis to account for unobserved
differences in U.S. electricity distribution operators’ technologies between the years 2001
and 2009. They conclude that a latent class analysis outperforms other ex-ante clus-
tering methods and traditional panel data models to address unobserved heterogeneity.
The latent class model used can account for environmental differences across network
operators without explicitly including them in the cost function. Agrell and Brea-Solis
(2017) estimate various latent class models of Swedish electricity distributors between
the years 2000 and 2006 and contrast the results with the results of deterministic outlier
detection models. In contrast to the one-step approach of, e.g., Agrell and Brea-Solis
(2017), Agrell et al. (2014) propose a two-step approach. In the first step, Norwegian
power distribution operators are clustered using a latent class model. In the second
step, network operators’ efficiency is evaluated with the group-specific frontiers using
deterministic and stochastic frontier analysis. They find that efficiency estimates for the
analyzed Norwegian power distributors are higher and more realistic than a conventional
one-step approach. Orea and Jamasb (2017) develop a nested latent class model that
can differentiate between fully efficient network operators and those that are, to some

part, inefficient. At the same time, they also account for differences in the underlying
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technology. They estimate the model for Norwegian distribution network operators be-
tween the years 2004 and 2011. The possible importance of distributed generation from
renewable energy sources was only considered by Agrell and Brea-Solis (2017). They
detect a large heterogeneity of injections of power from distributed generation but find

no clear pattern regarding their cost impact across classes.

With this paper, we contribute to the existing literature in various ways. First, we
analyze whether German electricity distribution network operators use heterogeneous
technologies represented by heterogeneous cost functions. In particular, we focus on the
capacity of distributed generation from renewable energy sources as a possible source
of technological heterogeneity. The analysis of German network operators provides an
interesting and relevant case study, as a diverse and large number of electricity dis-
tribution network operators have been confronted with changing market environments.
Amongst others, this includes the increase in renewable power plants but also the digital
transformation over the previous years. This aspect has been neglected by Cullmann
(2012), who also accounts for heterogeneous technologies across German network opera-
tors. Thus, we are to the best of our knowledge the first to estimate whether structural
differences in the technology across German distribution network operators are related
to the capacity of distributed generation from renewable energy sources. To address
the research question, we apply a latent class stochastic frontier analysis to a large and
unique panel of German distribution network operators between the years 2011 and
2017. Second, we compare the results of the latent class analysis with those of two alter-
native clusters of network operators to gain insights into the importance of accounting
for heterogeneous cost function parameters across network operators. With this, we
provide valuable insights for the regulation of German distribution network operators

and the relevance of considering unobserved heterogeneity.

The paper is organized as follows. Section 3.2 gives a brief overview of the regulatory
framework in Germany. Section 3.3 describes the methodology applied, while Section 3.4
introduces the data used in the empirical analysis. Section 3.5 presents the estimation

results, and Section 3.6 concludes.

3.2 Regulatory framework in Germany

In 2009, incentive regulation for German electricity distribution operators was intro-
duced by the German regulator, the Bundesnetzagentur, via the Incentive Regulation
Ordinance (ARegV). Incentive regulation is based on the economic idea that competi-

tion between network operators should be ensured to increase efficiency. Therefore, a
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revenue cap is assigned to each network operator for one regulation period. By intro-
ducing a revenue cap, network operators have the incentive to reduce their costs within
the regulation period to increase profits or decrease losses.” The calculation of the in-
dividual revenue cap is based on a cost assessment of controllable and non-controllable
costs as well as an individual efficiency value. In the cost assessment, the regulator
reviews the cost situation of each network operator. Subsequently, the individual effi-
ciency value is determined by an efficiency benchmarking of the controllable costs. In
practice, regulators apply a variety of parametric and non-parametric approaches. Non-
parametric methods such as the data envelopment analysis (DEA) have the advantage
of high flexibility as no functional form has to be specified. However, these models do
not account for statistical noise, meaning any deviation from the efficiency frontier is
considered as inefficiency. In contrast, parametric models such as the stochastic frontier
analysis (SFA) require the definition of a functional form but can account for statistical
noise. In the case of German benchmarking, a ”best-of-four” approach is used: Network
operators are assigned the highest efficiency value resulting from four different model

specifications, two DEA and two SFA models.

As mentioned above, the efficiency of the benchmarking procedure and the reliability
of efficiency estimates are based on the assumption that network operators are compa-
rable. In this context, the German Energy Industry Act (EnWG) states that network
operators’ financial obligations that result from the benchmarking require their struc-
tural comparability (§21a EnWG). Germany is characterized by a high number and
high heterogeneity of network operators, who differ according to individual and regional
characteristics. Amongst others, the number and structure of customers, the size and
condition of networks, the number and installed capacity of renewable power plants con-
nected the grid, and the landscape and its characteristics may vary considerably across
network operators. Thus, regulators cannot compare network operators based on their
costs only. Some of the differences across network operators can be observed by the
regulator, while others cannot. The regulator accounts for observable differences in the
benchmarking by including so-called structural variables. These may consist of the area
served, length of lines, and the capacity of renewable power plants connected to the grid
(813 ARegV).

Even though regulators account for observed differences across network operators, the is-
sue of possible unobserved heterogeneity remains. The use of panel data models that can
account, at least to some extent, for unobserved heterogeneity across network operators
is not feasible for Germany, as data restrictions result from only two regulation periods

having been completed. In consequence, the Bundesnetzagentur applies a cross-sectional

"The description of the regulation procedure in Germany is based on the Incentive Regulation Ordi-
nance (ARegV) as well as Swiss Economics et al. (2019).
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model, which means that network operators are not observed over time but treated as
independent observations. As such, the observation and identification of unobserved
heterogeneity are impossible. Furthermore, the regulatory approach does not explicitly
consider the possibility that network operators differ regarding their technologies and
thus their cost and production functions. Nevertheless, regulators try to account for
at least some technological heterogeneity. In doing so, the Bundesnetzagentur specifies
two groups of network operators according to their size. As such, a group of network
operators of the same size should be more homogeneous, and thus better to compare
in the benchmarking (Agrell and Brea-Solis, 2017). Network operators with more than
30,000 connected customers are obliged to participate in the regular benchmarking pro-
cedure. In contrast, network operators with less than 30,000 customers can participate
in the standard benchmarking process or be part of a simplified procedure. In the sim-
plified procedure, network operators are assigned an average efficiency value without
the requirement of a cost assessment.® This proves that the regulator has the implicit
assumption that unobserved technological differences between small and large network
operators may exist (Cullmann, 2012). In the past regulation period, only a minority of

20 percent of total network operators participated in the regular benchmarking.

Such an a priori clustering may be easy to implement but is inefficient for various rea-
sons: For one, the classification may be based on the wrong criterion and thus results
in misleading groups. In the case of Germany it is questionable whether the network
operators’ size is correct or sufficient to describe possible technological differences across
network operators. Especially over the past years, the increase in distributed genera-
tion from renewable energy sources imposes new heterogeneity across network operators:
Between the years 2011 and 2017, the installed capacity of renewable power plants in-
creased by 45 GW (Bundesnetzagentur, 2019a). Around 98 percent of all renewable
power plants are connected to the distribution network (E-Bridge et al., 2014). More-
over, the capacity of renewable power plants is not evenly distributed across network
operators, which could lead to some network operators being more affected than others.
In the year 2016, 75 percent of the capacity of renewable power plants was installed in
network areas of only 15 network operators (IAEW, 2016). The question remains as
to whether such a situation may induce structural differences across network operators
which are not taken into account under the current regulatory regime and by the size
clustering of network operators. Furthermore, efficiency estimates for different groups
may be estimated without considering the information of other groups. In this case,

the regulator neglects important information as network operators still belong to the

8The simplified procedure should also protect smaller network operators from excessive effort to be
benchmarked. This aspect is, however, not considered in this paper.
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same industry and share common characteristics (Kumbhakar et al., 2015). This loss of

information may induce inefficiency in the regulatory procedure.

As the benchmarking procedure has a direct financial impact on network operators, an
adequate consideration of technological heterogeneity is of crucial importance. In the
following, we investigate whether technological heterogeneity represented by different
cost functions is present across German network operators using the latent class modeling
approach. Furthermore, we analyze whether possible groups of network operators differ
significantly regarding observable characteristics (e.g., the capacity of renewable power

plants).

3.3 Methodology

This section first determines the cost function and describes conventional SFA panel
data models that assume a common technology, i.e., cost function, and homogeneous
technological characteristics for network operators. In a second step, we focus on latent
class models that exhibit the possibility of differences in the cost function parameters

across network operators.

3.3.1 Definition of cost function

We estimate a cost function of electricity distribution network operators that can be
described by:

TC = TC(QE,QC,ND, DG, DT) (3.1)

where T'C' denotes the total costs, QF the amount of electricity supplied, QC' the number
of customers connected to the network, N D the network density, and DG the capacity of
distributed generation from renewable energy sources in the specific network area. DT
comprises dummy variables that capture changes over time. As frequently done in the
literature, QF and QC are defined as outputs (Filippini and Orea, 2014). Due to data
restrictions, we abstract from input prices and assume no substantial differences in input
prices across electricity distribution network operators. The cost function estimation
requires the specification of a functional form. In this paper, a Cobb-Douglas function

of the following form is estimated:
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InTCy = Bo + Boe nQFE; + BocIn QCy + BnpIn NDy + Bpa In DGy

T (3.2)
+ Z oy DTy + €54
=2

where the subscript ¢ denotes the firm, ¢ the time period, the B’s are the unknown
parameters to be estimated, and e€; is the error term. There exists a broad range of
SFA models that can estimate the cost function. In the following, we concentrate on
panel data models. In contrast to cross-sectional models, panel data models observe
an individual ¢ at different time periods ¢ and are thus able to account for unobserved
heterogeneity, at least to some extent. In general, SFA panel data models can be written

as:

i = B'wi + €t (3.3)

where y;; denotes the costs, z;; is a vector of inputs, outputs and firm-specific char-
acteristics and €;; is the error term. Thereby, €; comprises unobserved heterogeneity,
inefficiency, and random noise. The major concern of panel data models is how to dis-
entangle inefficiency from heterogeneity and random noise. Empirical models differ in
their econometric specification of the error term and thus in the way heterogeneity is
accounted for (Just and Wetzel, 2020). In earlier panel data models (e.g., Pitt and
Lee (1981)), the error term is defined as: €;; = u; + vir. Thereby, inefficiency, wu;, is
assumed to be half-normally distributed and constant over time, while stochastic noise,
v;t, is normally distributed and varies over time. This implies that all time-invariant
firm-specific unobserved heterogeneity is considered as inefficiency, and all time-varying
effects are absorbed in the stochastic noise term. In order to separate inefficiency and
firm-specific heterogeneity, Greene (2005a) and Greene (2005b) introduced individual
time-invariant effects with the so-called True Random Effects (TRE) model where the
error term now consists of three parts: €; = v + u;r + w;. v denotes the normally
distributed, time-varying stochastic noise term, u; the half-normally distributed, now
time-varying inefficiency term and the additional normally distributed term w; captures
firm-specific, time constant random variable effects that account for firm-specific het-

erogeneity. The TRE model is described by:

Yit = BT 4+ wi + vip + u (3.4)
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Thus, all effects that are constant over time are considered as firm-specific unobserved
heterogeneity. It follows, that time-invariant structural inefficiencies are also regarded

as unobserved heterogeneity rather than as inefficiency.”

The presented models assume a common production process of network operators rep-
resented by a joint cost function, i.e., efficiency frontier. With this they neglect the
possibility that unobserved heterogeneity may influence firms’ technology. On the one
hand, the TRE model assumes that individual efficiency frontiers may differ according
to firm-specific intercepts that capture unobserved heterogeneity. On the other hand,
firms are assumed to share the same technological characteristics, e.g., marginal effects,
economies of scale, and scopes (Llorca et al., 2014). However, especially in an envi-
ronment where observed entities are very heterogeneous, the assumption of a common
cost function for all network operators may not be valid. For example, the connec-
tion of renewable power plants or new customers may induce different costs for network
operators depending on, e.g., their specific network conditions or environmental charac-
teristics (e.g., mountains, urban area). In Germany, it may be that, due to the further
increase in the capacity of renewable energies, the ongoing digital transformation and
also the increasing use of electric vehicles, technological heterogeneity across network
operators will even increase. If common technology characteristics are assumed, even
though heterogeneous technology characteristics are present, efficiency estimates may be
misleading. As technological differences may be considered as inefficiency if a common
cost function is wrongly assumed, models will underestimate efficiency. In the following,
we discuss a modeling approach that considers differences in firms’ technology and its

characteristics by allowing for heterogeneous cost function parameters.

3.3.2 Latent class modeling

Latent class models allow for parameter heterogeneity in the cost function and by this
account for different technologies across firms. It is assumed that a latent sorting of
network operators in various classes according to differences in cost function parameters
exists (Greene, 2007). Network operators that belong to the same class share a common
cost function and efficiency frontier. Thus, latent class models control for heterogeneity
between groups rather than for individual heterogeneity (Llorca et al., 2014). Each
network operator belongs to one class in which he remains over time. Compared to an
arbitrarily a priori clustering of firms, latent class models use all firms’ information to
determine the cost function of the different classes, irrespective to which class they are

assigned.

9The most recent panel data models are also able to differentiate between persistent and transient
efficiency (Filippini and Greene, 2016).
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8 Unobserved technological heterogeneity among German electricity distribution network operators

Under the latent class framework the overall cost function becomes:0

InTCy = Boj + Bor; In QE; + Boc; In QCi + Bnpjin NDy + Bpajln DGy

T (3.5)
+ ) ay; DTy + €ul
=2

where in addition to the introduced notation subscript j denotes the class. The (s
are estimated for each class j, and the error term is conditioned on class j. For the
SFA model, €;j, is again divided into a random error term, v;|j, which is assumed to
be normally distributed and independent of the half-normally distributed inefficiency

component, u;.

The probability of observing individual i given that it is part of class j is described by

P(i|j), which is the conditional likelihood function of individual i.'!

T

P(ilj) = ] PG, ) (3.6)

t=1

As a network operator can be a member of every class, the unconditional likelihood
function is the sum of the J class likelihood functions multiplied with the prior class
probabilities, m;;. Thus, the unconditional likelihood function for individual 7 is denoted

as:

J T

J
P(i) =) miP(ilj) = Y _mi [[ PG tl)). (3.7)
j=1 j=1 t=1

Prior class probabilities, m;;, are estimated simultaneously with the parameters of the
cost frontiers and are assumed to be constant over time (e.g., Agrell and Brea-Solis

(2017)). They are parametrized as multinominal logit model:

J
exp(6;)
my = —————— 07 =0, i = 1. (38)
TS eap(6)) E ’

10 Alternative model specifications differing in their functional form (Cobb Douglas vs. translog) as
well as in the variable definition (e.g., density or number of distributed generation from renewable
energy sources) were tested but not able to achieve convergence. Convergence problems of latent class
models are reported frequently in the literature (e.g., Llorca et al. (2014), Orea and Kumbhakar (2004),
Cullmann (2012), Agrell and Brea-Solis (2017)).

" The following model description is based on Greene (2005b) and Greene (2016).
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6; captures all class specific parameters. The restriction, ; = 0, is imposed as only
J-1 probabilities have to be calculated to specify J probabilities. Furthermore, prior
class probabilities have to sum up to one. It is important to note again that a network
operator can be a member of only one class in which he remains over time. As the
respective class is, however, unknown to the researcher, the prior class probability can

be interpreted as the uncertainty of the researcher (Greene, 2005b).

From this, the overall likelihood function results:

J T

N N
logLF = Z logP(i) = Z log(z Tij HP(i,tU)). (3.9)
=1 J t=1

=1 =1

The model is estimated using maximum likelihood. In contrast to the traditional models
(e.g., TRE model), the model estimates J different cost frontiers each with an individ-
ual probability, i.e., the prior class probability. Thereby, technological heterogeneity is
caused by differences in the technology parameters of each frontier, i.e., the ’s, and the

variance of the inefficiency, o, and error term, o, (Agrell et al., 2014).

After the estimation, posterior class probabilities can be computed using Bayes theorem:

w(jli) = —5———4—. (3.10)

Zj:l P(i|j)mij
Posterior class probabilities denote the probability of class j given that we have observed
individual 7. With the posterior class probabilities, it is possible to assign individuals to

one class, i.e., the class with the highest posterior probability.

A shortcoming of latent class models is that the number of classes J can not be estimated
but has to be defined by the researcher. In the empirical literature the number of classes
is most commonly defined using the Akaike (AIC) or Bayesian information criterion
(BIC). Both information criteria are suitable for comparing models with different classes
as they both favor the model’s goodness of fit while they penalize the number of included
parameters in the model (Orea and Kumbhakar, 2004). The preferred number of classes
is obtained by estimating models with a different number of classes in the first step and
comparing them regarding their specific information criterion in the second step. The

model with the lowest information criterion is preferable.
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8 Unobserved technological heterogeneity among German electricity distribution network operators

3.4 Data

To answer our research question, we construct a comprehensive database of electricity
distribution network operators between the years 2011 and 2017. The database contains
financial and technical data for each network operator. We collect the financial data from
the network operators’ balance sheets and profit and loss accounts. An amendment to the
Energy Industry Act (EnWG) in 2011 strengthens the reporting provisions by enforcing
network operators to make separate activity reports for gas and electricity distribution.
These reporting provisions enable the direct allocation of financial data to the activities
associated with electricity and gas, respectively. The professional data provider ene’t
provides the technical data. The installed capacity of renewable power plants is obtained
from the installation register of the Renewable Energy Sources Act (EEG) published by
the four transmission system operators (TSO) (50 Hertz Transmission GmbH et al.,
2018). The register contains all renewable power plants that are subsidized by the EEG.
The data are merged with the financial and technical data through the name of the

distribution operator.

According to the ARegV, the regulator should apply outlier detection procedures based
on statistical tests (e.g., Cook’s distance) and delete observations above a predefined
threshold. A standard threshold for Cook’s Distance is a value greater than four divided
by n (Bollen and Jackman, 1990). After deleting outliers that were detected based on
Cook’s distance and dropping observations with odd information, our unbalanced panel
comprises 1,911 observations. We observe a maximum of 330 electricity distribution
operators, which corresponds to more than one-third of the number of German electricity

distribution operators.'?

Table 3.1 shows the descriptive statistics of the variables included in the total cost func-
tion. Total costs, T'C, the dependent variable, are the sum of labor costs (personnel ex-
penses), capital costs (sum of material and depreciation expenses), opportunity costs of
capital, and costs of other inputs. Thereby, opportunity costs are defined as fixed assets
multiplied by the interest rate paid on long-term debt. Monetary values are expressed
in year 2010 Euros by deflating them with the consumer price index. We define two out-
puts: the amount of transferred electricity, QFE, measured in megawatt-hours (MWh),
and the number of connected customers, QC. As can be seen in Table 3.1, there is a
considerable variation in the size of the variables: While Elektra-Genossenschaft Effel-

trich eG, the smallest network operator, transferred 5 GWh electricity in the year 2015

1211 the year 2017, the Bundesnetzagentur listed 878 electricity network operators (Bundesnetzagen-
tur, 2020b). In our sample, the number of network operators in the year 2017 deviates strongly from
the other years as not all network operators have published their annual report for the year 2017 at the
time of data collection.
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and has approximately 1,000 connection points, the largest network operator, Westnetz,
transferred almost 250,000 GWh of electricity in the year 2015 and has with nearly
5,000,000 connection points the highest value in the sample. Even though there are very
large network operators, most of the sample consists of smaller network operators: 90
percent of network operators transfer less than 2,537 GWh electricity which corresponds
to only 1 percent of the maximum value, and have less than 160,785 connection points.
We expect a positive cost impact if the amount of supplied electricity or the number of

connected customers increases (e.g., Just and Wetzel (2020)).

We also include structural variables that may influence the costs of network operators
but are beyond their control. The network density, ND, is defined as the number
of connection points per network kilometer. The sample includes network operators
with very dense networks and network operators with a low network density: Netz
Leipzig GmbH has 129 connection points per network kilometers, the densest network.
In comparison, nvb Nordhorner Versorgungsbetriebe GmbH has only 8 connection points
per network kilometers and thus the lowest network density. Due to density effects, we
expect network operators with a higher network density to have lower costs, i.e., a

negative coefficient (e.g., Filippini and Wetzel (2014), Just and Wetzel (2020)).

Mean Median Std. dev. Minimum  Maximum
Total costs (million 2010€) 52.45 11.64 232.36 0.35 5,235.34
Electricity transferred (GWh) 1,911.42 250.03 10,299.59 4.76  247,549.60
Connection points (thousand) 76.68 18.86 269.78 1.04 4,965.61
Network density 35.72 33.21 16.86 7.68 129.20
(connection points/network km)
Distributed generation (MW) 96.58 14.64 690.60 0.35 14,827.64

TABLE 3.1: Descriptive statistics

In particular, we are interested in the impact of the installed capacity of distributed
generation from renewable energy sources, DG. DG comprises the installed capacities
of PV, wind energy, biomass, hydropower, deep geothermal energy, sewage gas, mine
gas and landfill gas that are subsidized by the EEG. The installed capacity of renewable
power plants is unequally distributed across network operators, as shown in Table 3.1.
While network operators have, on average, an installed capacity of renewable power
plants of 97 MW, 50 percent of the network operators have less than 15 MW installed.
On the other hand, Avacon AG has an installed capacity of renewable power plants of
14.8 GW in the year 2015, which is the maximum in the sample. Due to a preferential
dispatch and the obligation to connect renewable power plants to the grid, the capacity
of distributed generation from renewable energy sources is expected to induce connection
costs and challenges in guaranteeing a stable network. Thus, we expect a positive cost

impact (e.g., Just and Wetzel (2020)).
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3.5 Results

3.5.1 Latent classes’ cost function estimation

To test whether the assumption of different technologies, i.e., cost functions, is suitable
for German network distribution operators, we estimate the latent class model from one
to six classes. We determine the number of classes using the BIC criterion (e.g., Agrell
and Brea-Solis (2017), Llorca et al. (2014)). Indicated by the lowest BIC, three classes

are preferred over more or fewer classes.

The cost function estimation results are obtained using maximum likelihood estimation
and are shown in Table 3.2. The prior class probabilities are simultaneously estimated
with the cost function estimates and indicate that 41 percent of the sample belong to
class 1, 37 percent to class 3, and 21 percent to class 2 which is the smallest class.
The parameters are expressed in natural logarithms and are normalized at their sample

median and can thus be interpreted as estimates of cost elasticities at the sample median.

Variable Class 1 Class 2 Class 3
Constant 16.267**" 15.589*** 16.107***
(0.017) (0.027) (0.018)
InQFE 0.130*** 0.044** 0.097***
(0.010) (0.021) (0.008)
inQC 0.600*** 0.918*** 0.674***
(0.012) (0.029) (0.011)
InND -0.400*** -0.374*** -0.447***
(0.016) (0.038) (0.015)
in DG 0.250*** 0.052*** 0.220"**
(0.008) (0.014) (0.007)
2012 0.063*** 0.036™** 0.038™**
(0.017) (0.034) (0.013)
2013 0.076*** 0.140"** 0.074***
(0.017) (0.034) (0.014)
2014 0.088*** 0.115*** 0.077***
(0.017) (0.033) (0.013)
2015 0.104*** 0.079*** 0.073***
(0.017) (0.032) (0.013)
2016 0.148*** 0.170*** 0.134***
(0.017) (0.033) (0.013)
2017 0.172*** 0.354*** 0.162***
(0.023) (0.051) (0.019)
Prior Class Probabilities 0.410*** 0.218*** 0.373***
(0.026) (0.022) (0.026)

Notes: Standard errors in parentheses. *** ** and *: Significant at the 1%-, 5%-, and 10%-
level. The estimations have been performed in NLOGIT 6.

TABLE 3.2: Estimation results
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All coefficients have the expected sign and are highly statistically significant. We ob-
serve differences in the coefficients across the three classes, which suggests differences in
marginal costs and thus the technology. In all classes, increasing the outputs leads to
an increase in costs. An increase of 10 percent in the supplied electricity induces a cost
increase between 0.4 and 1.3 percent. Increasing the number of connected customers by
10 percent yields a very similar cost increase of 6.0 percent for class 1 and 6.7 percent
for class 3. Network operators in class 2 face higher connection costs (9.2 percent).
According to Cullmann (2012) differences in connection costs may be due to differences
in the customer structure (e.g., industrial vs. household customers). As expected, there
are density effects across all three classes, i.e., costs decrease between 3.7 and 4.5 per-
cent when the network density increases by 10 percent. Interestingly, the coefficient
of the capacity of renewable power plants varies significantly across classes. While for
network operators in class 1 and 3, an increase in the capacity of renewable power plants
results in a comparatively high cost increase of 2.5 and 2.3 percent, respectively, it is
with 0.5 percent lower for class 2. Environmental conditions (e.g., flat vs. mountainous
landscape) and differences in the structure of the capacities of renewable energy plants
across classes may be an explanation. For example, wind capacities are predominantly
connected to the medium- and high-voltage network while PV is usually connected to the
low-voltage network. Thereby, networks of the lower voltage levels have a lower capacity
to integrate renewable power plants and are more often confronted with voltage prob-
lems than medium- and high-voltage networks. Thus, the same capacity of renewable
power plants causes higher costs in the low-voltage network than in the medium- and
high-voltage network (Swiss Economics et al., 2019). Positive and significant coefficients

of the time dummies indicate a cost increase over time compared to 2011 for all classes.

Besides the differences in the marginal costs of network operators, economies of scale
are another technology parameter that indicates whether technological heterogeneity
across classes is present. Economies of scale measure the percentage cost increase that
results from a simultaneous increase in all outputs by 1 percent.!® If economies of scale
are present (ES > 1), network operators would benefit from increasing their size, e.g.,
by expansion or mergers. In contrast, diseconomies of scale (ES < 1) indicate that
a reduction of size would be beneficial for network operators. Consequently, ES =
1 reveals that network operators operate at their optimal size given the underlying
technology (Badunenko and Kumbhakar, 2017). We observe positive economies of scale
for all classes, which nevertheless differ. While classes 1 and 3 have similar economies
of scale, 1.4 and 1.3, respectively, class 2 has quite lower economies of scale near unity.
Thus, efficiency increases are possible for classes 1 and 3 by increasing their size, while

network operators in class 2 operate near their optimal size.

BES =1/(525% + 5i25S) (Filippini and Wetzel, 2014).
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The results indicate that the latent class approach exhibits technological heterogene-
ity among German network operators, captured by three different classes that would
have been ignored, assuming a common cost function.'* Notably, while cost function
parameters are similar in classes 1 and 3, they differ for class 2. Thereby, the main
difference results from higher marginal costs to connect customers to the network and
lower marginal costs of distributed generation capacity from renewable energy sources
in class 2. Furthermore, economies of scale are similar in classes 1 and 3 but vary in
class 2. Thus, the cost functions, i.e., technologies, of classes 1 and 3 are more alike
than the cost function of class 2. In the following, we provide possible explanations for
the differences between the technologies of class 2 compared to classes 1 and 3, focusing

primarily on the impact of the installed capacity of renewable power plants.

3.5.2 Characteristics of Classes

Using the estimated posterior class probabilities, we assign network operators to the
class with the highest individual probability. The average posterior class probability
varies between 95.8 percent for class 3, 96.54 percent for class 2, and 96.92 percent
for class 1. Thereby, only five observations of two network operators have a posterior
class probability of less than 50 percent. Thus, we conclude that the vast majority of
observations can be clearly assigned to one class (Agrell et al., 2014). This results in
the following class sizes: Class 1 is with 779 observations the largest class, followed by
class 3 which contains 752 observations. Class 2 comprises 380 observations and is thus

the smallest class.

Table 3.3 shows the descriptive statistics of the variables included in the total cost
function differentiated by class. The two outputs, electricity supplied and the number
of connected customers, basically reflect network operators’ size. For both variables, we
observe significant differences between classes. Class 1 comprises at least some larger
operators indicated by the highest average supplied electricity and the highest number
of connected customers. Furthermore, the standard deviation of the outputs is highest
in class 1 which shows that it consist of large and small network operators. Whereas
the picture is clear for class 1, the differences between classes 2 and 3 are not apparent.
The average amount of supplied electricity is similar in both classes, while the maximum
amount differs significantly: The largest network operator in class 2 delivers more than
twice as much electricity than the largest network operator in class 3 (68 TWh vs. 31
TWh). Regarding the number of connected customers, class 3 comprises the smallest
network operators: the mean, the standard deviation, and the maximum amount of

connected customers are the lowest across classes. The relatively low and similar median

4 The impact of considering a common cost function is analyzed in Section 3.5.4.
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Mean Median  Std. dev. Minimum Maximum

Electricity supplied [GWh]

Class 1 2,637.13 250.16  15,186.99 24.68  247,549.60

Class 2 1,402.76 260.54 5,091.56 4.76  68,301.84

Class 3 1,416.69 249.05 4,105.17 9.88 31,492.64
Connection points [thousand]

Class 1 101.85 19.78 387.94 1.63 4,965.61

Class 2 66.92 17.72 175.53 1.04 1,936.85

Class 3 55.55 18.98 111.76 1.54 754.67
Network density [Connection points/network km)]

Class 1 36.56 34.36 18.94 7.68 127.52

Class 2 36.30 32.57 18.81 11.01 129.20

Class 3 34.57 33.24 13.06 11.78 84.60
Distributed generation [MW]

Class 1 102.89 15.33 581.70 0.47 9,781.43

Class 2 165.50 15.72 1,278.85 0.58 14,827.64

Class 3 55.21 12.34 181.42 0.35 1,635.70

TABLE 3.3: Descriptive statistics per class

values of the outputs across classes indicate that all classes mainly consist of smaller
network operators. However, classes 1 and 2 also include some larger network operators.
Referring to the estimated economies of scale per class, it seems reasonable that the
smallest network operators assigned to class 3 may benefit from a size increase. The
positive economies of scale of class 1 may also be driven by the large share of smaller
network operators as it seems rather surprising that increasing their size would also

benefit the largest network operators.

The mean and median network density show only slight variation across classes. How-
ever, the distribution of the network density is narrower in class 3 than in class 1 and
2: The standard deviation is lowest, and also the maximum value is with 84 connection
points per network kilometer considerably smaller than those in class 2 and 1 (129 and
128 connection points per network kilometer, respectively). Thus, most of the network

operators in class 3 have a relatively low network density.

We see significant differences in the cost impact of the installed capacity of renewable
power plants across classes and are now interested, whether classes also differ according
to the amount of renewable power plants’ installed capacity. Class 3 is with an average
installed capacity of 55 MW and a median capacity of 12 MW clearly characterized
as the class with the lowest installed capacity. With 166 MW, the average installed
capacity in class 2 is three-time higher, and with 103 MW in class 1 almost twice as
high as in class 3. Besides, class 2 also contains network operators with the highest
distributed generation capacity from renewable energy sources having a maximum of
14.8 GW compared to 9.8 GW in class 1 and only 1.6 GW in class 3. All classes contain
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8 Unobserved technological heterogeneity among German electricity distribution network operators

network operators with very low distributed generation capacities from renewable energy

sources, resulting in comparatively low median values and large standard deviations.

In sum, class 1 contains the largest network operators with high, but not the highest,
installed capacity of renewable power plants. Network operators allocated to class 2 have
the highest installed capacity of renewable power plants and are of relatively medium
size. The picture is evident for class 3, consisting of small network operators operating
networks with low density and low distributed generation capacities from renewable

energy sources.

Even though we observe differences in class characteristics across classes, we are inter-
ested in whether the deviations are statistically significant different from zero. Hypoth-
esis tests (t-tests) on mean equality across classes show that classes statistically differ,
at least in some parts. As shown in Table 3.4, the minor differences are found between
classes 1 and 2 that only differ significantly in the average number of connected cus-
tomers (QC). In contrast, classes 1 and 3 statistically differ in the mean of all variables.
Class 2 and 3 do not vary statistically in their size but their network density and installed
capacities of distributed generation from renewable energy sources. Thus, a classification

of German network operators according to their size only may be misleading.

Class 1 & Class 2 Class 1 & Class 3 Class 2 & Class 3

mean

mean

mean

Variable difference p-value difference p-value difference p-value
QE 1,234.37 0.1233 1,220.43 0.0333 ** -13.94  0.9604
QC 34.93  0.0946 * 46.30 0.0017 *** 11.37  0.1860
ND 0.26 0.8234 1.99 0.0171 * 1.73  0.0717 *
DG -62.62 0.2523 47.68 0.0318 ** 110.29  0.0205**

Notes: *** ** and *: Significant at the 1%-, 5%-, and 10%-level.

TABLE 3.4: Differences in means of variables across classes

We conclude that there is technological heterogeneity between German network opera-
tors related to differences in the size, the network density, and the capacity of distributed
generation from renewable energy sources identified by differences in the cost function
parameters. Furthermore, differences in class characteristics are present. As we are
particularly interested in the impact of distributed generation capacity from renewable
energy sources, we try to find even more related differences across classes. Therefore,
we analyze whether classes differ according to the installed capacities of PV and wind
power.'® Especially wind and PV plants have very heterogeneous demands on network
operators as they differ in the voltage level of the network they are usually connected
to and in further characteristics, e.g., plant-specific size, locational requirements, and so

forth. The summary statistics are shown in Table 3.5.

15Convergence problems and characteristics of the data impede the inclusion of these variables in the
total cost function.
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Mean Median ~ Std. dev.  Minimum Maximum

Installed PV capacity [MW]

Class 1 53.24 10.05 264.86 0.47 3,339.93

Class 2 34.04 9.49 183.56 0.39 2,222.87

Class 3 28.27 8.85 77.29 0.35 755.90
Installed wind capacity [MW]

Class 1 35.11 0 289.07 0 5,579.58

Class 2 118.20 0.55 1,015.48 0 11,753.48

Class 3 19.86 0 84.96 0 824.36
Wind share

Class 1 0.10 0 0.16 0 0.69

Class 2 0.17 0.02 0.23 0 0.91

Class 3 0.13 0 0.20 0 0.89

TABLE 3.5: Descriptive statistics of non-included variables per class

As for the total installed capacity of renewable power plants, wind and PV capacities are
lowest for class 3. However, the differences between class 1 and 2 become clearer now:
In class 2, the high installed capacity is driven by wind capacities that are, on average,
almost five times higher than in class 3 and more than twice as high as those in class 1.
In contrast, class 1 comprises the highest average and median installed capacity of PV.
The differences in the installed wind capacities across classes clarify the heterogeneous
cost function parameters. The high wind capacities lead to lower marginal costs of
distributed generation capacities from renewable energy sources in class 2 (see Table
3.2). Due to voltage problems that occur more often in the low-voltage level and the
limited capacity to integrate renewable power plants, the same capacity of renewable
power plants causes higher costs in the low- than in the medium- and high voltage
network (Swiss Economics et al., 2019). These findings are supported by the wind share
per class, defined as the installed wind capacity divided by the total installed capacity
of renewable power plants. In class 2, 17 percent of the installed capacity of distributed
generation from renewable energy sources comes from wind power compared to 10 and
13 percent in class 1 and 3, respectively. Thus, network operators of class 2 may have
lower marginal costs of the capacity of distributed generation from renewable energy
sources due to a high capacity and share of wind power connected to the medium- and
high-voltage level. In contrast, classes 1 and 3 have a lower capacity of wind power and
a higher share of capacities connected to the low-voltage level, resulting in a higher cost

impact.

The previous findings indicate that heterogeneity among German network operators
exists regarding their cost function parameters. Especially class 2 seems to differ signifi-
cantly from the other classes. These differences may be driven by the high installed wind

capacities in class 2. To validate the results and demonstrate the general impact of wind
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8 Unobserved technological heterogeneity among German electricity distribution network operators

capacities on network operators’ costs, we estimate a standard random effects model
abstracting from any efficiency effects. We split the sample into network operators with
and without wind capacities and estimate Equation 3.2 separately for both groups and
compare the results.'® The "wind group”, i.e., network operators with installed wind
capacities larger than zero, comprises 880 observations, and the "no-wind group”, i.e.,
network operators with no installed wind capacity, contains 1,031 observations.!'” The
results support the previous findings: Network operators without any installed wind ca-
pacities face higher marginal costs from increasing distributed generation capacity from
renewable energy sources than network operators with installed wind capacities. In the
case of network operators having no wind, the effect measures mainly the impact of an
increase in PV capacities which induce higher costs than wind capacities. As previously
mentioned, these differences result from the wind capacities connected to the medium-

and high-voltage network, while PV is usually connected to the low-voltage network.

To sum up again: Network operators with the highest capacity of renewable power
plants, mainly driven by wind power, are medium-sized and attributed to class 2.
Thereby, the high capacity of wind power explains the lower marginal costs of the
capacity of renewable power plants in class 2. Class 1 comprises the largest network
operators with a high capacity of distributed generation from renewable energy sources
in general and PV in particular. In contrast, class 3 includes operators combining the
lowest installed capacity of renewable power plants, small size, and the lowest network
density. The higher marginal costs of the capacity of renewable power plants in classes 1
and 3 are driven by the comparatively higher share of capacities from renewable energy

sources connected to the low voltage level.

3.5.3 Efficiency estimates

Besides the differences in parameter estimates and class-specific characteristics, we are
interested in differences in the efficiency estimates. In a latent class framework there
are as many frontiers as classes. Thus, the estimation of (in)efficiency is not as straight-
forward as in the standard SFA models. Inefficiency can be estimated based on two
approaches: First, network operators are benchmarked against the frontier of the class
with the highest posterior class probability, i.e., the "most-likely” frontier. Second, the
network operator is benchmarked against a ”weighted-average” frontier consisting of
the probability-weighted average of all classes (Greene, 2002). The higher the posterior

class probabilities, the lower are the differences between the two approaches (Orea and

16The distribution of wind capacities across network operators and the low variation of network op-
erators’ wind capacities over time prevent the estimation of a single model, including the capacities of
wind and PV.

1"The detailed estimation results are depicted in Table 3.9 in the Appendix.
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Kumbhakar, 2004). In our case, the mean posterior class probability varies between
95.8 and 96.9 percent per class. To be consistent with network operators’ assignment
to a particular class, we chose the approach with the ”"most-likely” frontier. Due to
the high posterior probabilities, differences between the two methods are only of minor
importance. The individual inefficiency is estimated using the approach of Jondrow
et al. (1982), where individual inefficiency is predicted by the conditional mean of the

estimated inefficiency term, u;; .

Mean Std. dev. Minimum Maximum

Total sample 0.9033 0.0977 0.3169 0.9891
Class 1 0.8962 0.0700 0.6254 0.9891
Class 2 0.7959 0.1358 0.3169 0.9833
Class 3 0.9649 0.0154 0.8907 0.9891

TABLE 3.6: Cost efficiency estimates

Table 3.6 shows the summary statistics of efficiency estimates per class and of the whole
sample. Comparing the efficiency estimates across classes, it is remarkable that class 2
has a relatively low efficiency (79.6 percent). In contrast, class 3 contains very efficient
network operators with efficiency estimates that only vary between 89.1 and 98.9 percent.
The average efficiency of network operators in class 1 is 89.6 percent and thus close to
the overall sample average of 90.3 percent. The differences across classes are illustrated
by the distribution of efficiency estimates shown in Figure 3.1, which differ substantially.
Network operators in class 3 show a very narrow distribution around very high efficiency
values, while the distribution of class 2 is much flatter and at a lower level. Hypotheses
tests (t-tests) with the hypothesis of equal average efficiency estimates across classes
confirm the results: The null-hypothesis of equal efficiency has to be rejected for all
class comparisons (class 1 with 2, class 2 with 3, and class 1 with 3) at the 1 percent

significance level. Thus, efficiency estimates differ significantly between classes.
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FIGURE 3.1: Kernel density estimates of cost efficiency
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8 Unobserved technological heterogeneity among German electricity distribution network operators

As we observe differences in the efficiency and installed capacity of distributed generation
of renewable energy sources across classes, we are interested in whether these are related.
Analogous to Just and Wetzel (2020), we compare the efficiency of network operators
with different shares of distributed generation from renewable energy sources but cannot
find significant differences in the efficiency. Thus, the results indicate that differences in
network operators’ efficiency are not driven by the installed capacity of renewable power

plants.

3.5.4 Comparison with two- and one-class model

To validate our results, we compare them with those of two different model specifi-
cations. First, we estimate a latent class model with only two classes. In Germany,
network operators are clustered in two groups according to their size, revealing the in-
direct assumption of structural differences between small and large network operators.
Thereby, the regulator defines the clustering criterion as 30,000 connected customers. As
we have pointed out, such an exogenous clustering is inefficient per definition. Thus, we
are rather interested in whether a latent class model with two classes would reflect the
regulator’s assumption that network operators’ size is the relevant clustering criterion.
Second, we estimate a True Random Effects (TRE) model where network operators are
considered one group, i.e., a one-class model. Even though the TRE model allows indi-
vidual frontiers due to a random shift of the constant, the cost function, i.e., technology,
is assumed to be equal for all network operators. The detailed estimation results of the

two-class and the TRE model can be found in the Appendix.

We first analyze the results obtained by the two-class model. The estimation of a latent
class model with two classes yields the following class sizes: Class A consists of 1,248
network operators and class B of 663.'® The summary statistics of both classes are shown
in Table 3.7. It is striking that the average differences between the two classes are smaller
compared to the differences across classes in the three-class model. However, class A
contains small network operators with lower installed capacities of distributed generation
from renewable energy sources, while class B consists of large network operators with
comparably higher installed capacities of distributed generation from renewable energy
sources. Again, the installed capacity of wind power is not included in the cost function
but shows significant variation across the two classes. The high capacities of distributed
generation from renewable energy sources in class B are driven by high wind capacities
being more than twice as high as in class A. Analogous to the results of the three-class

model, network operators in class B face lower marginal costs of the installed capacity of

18We name the classes A and B rather than 1 and 2 to avoid confusion with the names of the three-class
model.
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distributed generation from renewable energy sources than network operators in class A
(see Table 3.10 in the Appendix). The heterogeneous impact of distributed generation
capacity from renewable energy sources is neglected in the TRE model, assuming a joint
cost function, i.e., technology, for all network operators. The results show that the
estimated marginal costs of increasing distributed generation capacity from renewable
energy sources are smaller than in class A and larger than in class B. Thus, the TRE
model overestimates the cost impact of distributed generation from renewable energy
sources for network operators with relatively high wind capacities and underestimates

it for those with lower wind capacities (see Table 3.11 in the Appendix).!’

Referring to our question of whether an endogenous clustering reflects the German regu-
lator’s assumption, we have to state that this is rather not the case. Classes differ in the
number of connected customers, but the specific sampling criterion of 30,000 connection
points seems not to be relevant here. Even though class A consists of relatively small
operators, nearly one-third has more than 30,000 connection points, and even 66 percent
of the rather large network operators in class B have less than 30,000 connection points.
Thus, we cannot confirm the German regulator’s clustering criterion if we assume the

existence of two classes.

Mean Median ~ Std. dev.  Minimum Maximum

Electricity supplied [GWHh]

Class A 1,895.16 239.14  11,649.46 9.88  247,549.60

Class B 1,942.03 261.46 7,101.38 4.76 68,301.84
Connection points [thousand]

Class A 67.59 18.41 257.71 1.60 4,965.61

Class B 93.80 20.20 290.56 1.04 2,382.71
Network density [Connection points/network km)]

Class A 34.60 31.56 17.16 7.68 127.52

Class B 37.84 35.66 16.08 11.01 129.20
Distributed generation [MW]

Class A 89.78 14.69 479.75 0.35 9,781.43

Class B 109.36 14.45 907.70 0.58  14,827.64
Installed wind capacity [MW]

Class A 31.44 0 237.21 0 5,579.58

Class B 72.34 0.01 770.44 0 11,753.48

TABLE 3.7: Descriptive statistics per class of the two-class model

As efficiency estimates have direct financial consequences for network operators, we
are furthermore interested in the impact of different clustering approaches on efficiency
estimates. Therefore, we compare the three-class model’s efficiency estimates with those
of the two-class model and the one-class model, i.e., the TRE model, which assumes equal

technology characteristics and thus a common cost function for network operators. Thus,

19The estimation results of the TRE model are obtained by maximum simulated likelihood estimation.
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8 Unobserved technological heterogeneity among German electricity distribution network operators

technological heterogeneity, of which our previous results indicate that it is present, is
considered as inefficiency. In consequence, we expect a lower efficiency in the TRE
model than in the latent class models. Average efficiency estimates across the three
models are shown in Table 3.8. The average efficiency estimates differ only slightly
but are, as expected, highest for the three-class model. The two-class model yields, on
average, slightly higher efficiency values than the TRE model. This may be because the
two-class model considers technological heterogeneity among network operators, which
is attributed to inefficiency in the TRE model. Applying t-tests to test the equality
of efficiency estimates across the different models, we find that efficiency between the
three- and the two-class model and between the three-class model and the TRE model
differ significantly at the 1 percent level. Differences between the two-class model and

the TRE model are only slightly significant at the 10 percent level.

Mean Std. dev. Minimum Maximum
Three-class model 0.9033 0.0977 0.3169 0.9891
Two-class model 0.8982 0.0601 0.5997 0.9857
One-class model (TRE) 0.8960 0.0611 0.3414 0.9855

TABLE 3.8: Comparison of cost efficiency estimates

Even though efficiency estimates may, on average, differ only slightly, differences for
individual network operators may be more prominent. If we account for two technology
classes represented by two different cost functions, 75 percent of the network operators
will face lower efficiency estimates than with three technology classes. Suppose only one
class is considered, and thus, differences in the underlying cost function are ignored at all.
In that case, 69 percent of the network operators will have lower efficiency estimates than
in the three-class model. Thus, individual efficiency estimates are sensitive to the model
specification. The results correspond to our expectation and previous research: The
consideration of technological differences reduces unobserved heterogeneity within the

classes, and therefore, the heterogeneity conventional models may consider as inefficiency
(Agrell et al., 2014).

3.6 Conclusions

The regulation of electricity distribution network operators is most commonly based on
incentive regulation, of which benchmarking is an essential element. The use of bench-
marking procedures requires the existence of a set of comparable network operators.
As this assumption is seldom fulfilled in practice, addressing the heterogeneity among
network operators in benchmarking is one of the major concerns and challenges for regu-

lators. If differences among network operators are observable, the regulator accounts for
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them directly in the benchmarking procedure. To deal with unobserved heterogeneity

is far more challenging.

Unobserved heterogeneity may impact network operators in various ways. The fact
that it can affect the production process is, however, often neglected in the regulatory
practice, with a common technology, i.e., production process, being assumed among
network operators instead. This implies, for example, that all network operators are
represented by the same cost function and thus face the same marginal costs, e.g., to
connect new customers or distributed generation plants. However, network operators
differ substantially in many aspects that are likely to influence the production process
and thus contradict this assumption. For example, network operators in a mountainous
landscape face higher connection costs than those in a rather flat landscape. Moreover,
costs of distributed generation from renewable energy sources differ according to the
plant type: Wind capacities at higher voltage levels induce lower costs than PV in a
low-voltage network. These differences remain uncontrolled for if regulators assume a

common technology, i.e., cost function.

Technological differences may even increase due to changing market conditions. Increas-
ing distributed generation from renewable energy sources as well as the use of electric
vehicles and heat pumps would require an adaption of network operators. The ability to
adapt may also be influenced by unobserved differences among network operators. These
developments together with the structural diversity of network operators raise doubts
on the assumptions of homogeneous conditions among network operators at the moment
and even more in the future. If technological heterogeneity remains uncontrolled and a
joint cost function is assumed for all network operators, efficiency estimates would be

biased and have direct financial consequences for network operators.

In this paper, we estimate the cost efficiency of German network operators and explicitly
account for technological differences represented by heterogeneous cost functions among
network operators. Based on a latent class model, our results show that German net-
work operators can be unambiguously classified into three statistically different classes
sharing a common technology, i.e., cost function, based on size and distributed genera-
tion variables. We find significant differences in the size, installed capacity of distributed
generation from renewable energy sources, and efficiency estimates across classes. The
results indicate that distributed generation from renewable energy sources is a relevant
driver of technological heterogeneity among classes. First of all, differences in the in-
stalled capacity of renewable power plants across classes are partly driven by the total
capacity but especially by differences in the installed capacities of wind power. Further-
more, we observe a heterogeneous cost impact of an increase in distributed generation

from renewable energy sources across classes related to their installed wind capacities.
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8 Unobserved technological heterogeneity among German electricity distribution network operators

Thus, clustering German network operators solely according to their size, as done by the
German regulator, leads to misleading results. The importance to account for techno-
logical heterogeneity among German network operators is confirmed by comparing the
results of the three-class model with those of a one- and two-class model. Efficiency
values are highest in the three-class model as, at least some, technological heterogene-
ity is overlooked and thus considered as network operators’ inefficiency in the one- and

two-class model.

We conclude that German network operators use heterogeneous technologies represented
by different cost function parameters. The consideration of technological differences
reduces unobserved heterogeneity within classes, avoiding the misspecification of het-
erogeneity as inefficiency in conventional models. As efficiency estimates have a direct
financial impact on network operators, the importance of correctly accounting for hetero-
geneity can be clearly seen in the results. In this context, the application of latent class
analysis may provide valuable insights for regulators to detect and address technology

differences among network operators in Germany and worldwide.
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Variable wind group no-wind group
Constant 16.203*** 16.320"*"
(0.024) (0.023)
InQFE 0.127*** 0.138***
(0.021) (0.023)
InQC 0.684** 0.599"**
(0.032) (0.032)
In ND -0.459**~ -0.346™**
(0.041) (0.037)
In DG 0.184*** 0.247**
(0.021) (0.019)
2012 0.024~ 0.011
(0.013) (0.014)
2013 0.063"** 0.036™**
(0.014) (0.014)
2014 0.071"** 0.040"**
(0.014) (0.015)
2015 0.076™** 0.046™**
(0.014) (0.015)
2016 0.143"** 0.112***
(0.015) (0.016)
2017 0.170™** 0.140**~
(0.020) (0.023)

Notes: Standard errors in parentheses. *** ** and *: Significant at the 1%-, 5%-, and 10%-
level. The estimations have been performed in STATA 12.

TABLE 3.9: Estimation results of wind and no-wind group
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Variable Class A Class B
Constant 16.184*** 15.771%*
(0.016) (0.031)
InQFE 0.135™*" 0.117**
(0.010) (0.019)
inQC 0.568*** 0.781***
(0.017) (0.027)
InND -0.315"*" -0.235**"
(0.019) (0.033)
in DG 0.265*** 0.105***
(0.007) (0.013)
2012 0.0477** 0.028
(0.016) (0.029)
2013 0.060™** 0.098***
(0.016) (0.029)
2014 0.072%** 0.103***
(0.016) (0.029)
2015 0.075**" 0.101***
(0.016) (0.029)
2016 0.125*** 0.191***
(0.016) (0.030)
2017 0.131*** 0.303***
(0.023) (0.045)
Prior Class Probabilities 0.630™** 0.370"**
(0.028) (0.028)

Notes: Standard errors in parentheses. *** ** and *: Significant at the 1%-, 5%-, and 10%-
level. The estimations have been performed in NLOGIT 6.

TABLE 3.10: Estimation results of the two-class model
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Variable TRE
Constant 16.129"**
(0.006)
InQFE 0.144***
(0.004)
InQC 0.632***
(0.006)
InND -0.391***
(0.007)
in DG 0.199***
(0.003)
2012 0.037***
(0.009)
2013 0.078***
(0.008)
2014 0.083***
(0.008)
2015 0.087***
(0.008)
2016 0.150***
(0.008)
2017 0.176™*~
(0.013)

Notes: Standard errors in parentheses. *** ** and *: Significant at the 1%-, 5%-, and 10%-
level. The estimations have been performed in NLOGIT 6.

TABLE 3.11: Estimation results of the TRE model
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4 Congestion management in power
systems — Long-term modeling

framework and large-scale application

4.1 Introduction

The liberalization of power systems entails an unbundling of generation and grid ser-
vices to reap efficiency gains stemming from a separate and different organization. While
there is competition between generating firms, transmission grids are considered a nat-
ural monopoly and are operated by regulated transmission system operators (TSOs).
However, strong inter-linkages remain between these two parts of the power system:
From a transmission perspective, TSOs are responsible for non-discriminatory access
of generating units to transmission services while maintaining a secure grid operation.
They are thus strongly influenced by the level and locality of generation and load. Fur-
thermore, due to Kirchhoff’s laws, operation and investment decisions of one TSO may
affect electricity flows in the area of another TSO. From a generation firms’ perspec-
tive, activities are impacted by restrictions on exchange capacities between markets or

operational interventions by the T'SOs to sustain a reliable network.

An efficient regulatory design of those inter-linkages between generation and grid will
positively affect the overall efficiency of the system, for instance by providing locational
signals for efficient investments into new generation or transmission assets. To ensure
an efficient coordination of short (i.e., operational) and long-term (i.e., investment)
activities in the generation and grid sectors, congestion management has been identified
to be of utmost importance (e.g., Chao et al. (2000)). Different regulatory designs
and options are available to manage congestion, including the definition of price zones
as well as various operational and investment measures. Because it is able to deliver
undistorted and hence efficient price signals, nodal pricing is a powerful market design

to bring along short-run efficiency. This was shown in the seminal work of Schweppe
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et al. (1988) and Hogan (1992). Nevertheless, many markets deviate from that short-
run efficient congestion management and pursue alternative approaches, e.g. due to
historical or political reasons. For instance, most European countries deploy national
zonal market areas with uniform electricity prices. Implicitly, several challenges are
thus imposed upon the system: First, in zonal markets, intra-zonal network congestion
remains unconsidered by dispatch decisions. However, if a dispatch induces intra-zonal
congestion (which is typically often the case), it might be necessary to reconfigure the
dispatch, known as re-dispatch. Alternatively, a generator-component (g-component)
may be implemented as part of the market clearing process. The latter makes generators
pay an additional fee according to their impact on the zonal network (and hence, changes
the dispatch). Second, cross-border capacity needs to be managed. Whereas historically,
cross-border capacities have often been auctioned explicitly, many market areas are now
turning to implicit market coupling based on different allocation routines, such as net-

transfer capacities (NTC) or flow-based algorithms.?

The literature has investigated various regulatory designs to manage congestion in power
systems from different perspectives. Static short term efficiency of nodal pricing — as
shown by Schweppe et al. (1988) — was confirmed, e.g, by van der Weijde and Hobbs
(2011) who compare nodal pricing and NTC based market coupling in a stylized mod-
eling environment. Furthermore, several papers have quantified the increase in social
welfare through a switch from zonal to nodal pricing for static real world case studies
(see for example: Green (2007), Leuthold et al. (2008), Burstedde (2012), Neuhoff et al.
(2013)). Similarly, Daxhelet and Smeers (2007) show that generator and load compo-
nents reflecting their respective impact on congestion have a positive effect on static
social welfare (as well as its distribution), while Oggioni and Smeers (2012) investigate
different congestion management designs in a six node model and find that multilateral
arrangements may improve efficiency. Oggioni et al. (2012) and Oggioni and Smeers
(2013) show that in a zonal pricing system, the configuration of zones as well as the

choice of counter-trading designs have a significant impact on efficiency.

A second line of literature deals with the dynamic long term effects of congestion man-
agement, i.e., the investment perspective. On the one hand, issues of timing (e.g., due
to uncertainty or commitment) in settings consisting of multiple players (such as genera-
tion and transmission) have been addressed. Hoffler and Wambach (2013) find that long
term commitment of a benevolent TSO may lead to inefficient investment decisions due
to the locational decisions of investments in generation. In contrast, Sauma and Oren

(2006) and Rious et al. (2009) formulate the coordination problem between a generation

20Cross-border capacities and prices are implicitly taken into account during the joint clearing of
coupled markets.
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and a transmission agent as a decomposed problem, and find that a prospective coordi-
nated planning approach as well as transparent price signals entail efficiency gains. On
the other hand, imperfect simultaneous coordination (e.g., due to strategic behavior or
hidden information) has been investigated by Huppmann and Egerer (2014) for the case
of multiple T'SOs being active in an interconnected system. They find that a frictionless
coordinated approach outperforms the system outcome with strategic TSOs maximizing

social welfare within their own jurisdiction.

With this paper, we contribute to the above literature with a generalized and flexible
economic modeling framework for analyzing the short as well as long term effects of
different congestion management designs in a decomposed inter-temporal equilibrium
model including generation, transmission, as well as their inter-linkages. Specifically,
with our framework we are able to represent, analyze and compare different TSO or-
ganizations, market areas (i.e., nodal or zonal pricing), grid expansion, redispatch or
g-components, as well as calculation methods for cross-border capacity allocation (i.e.,
NTC and flow-based). A major advantage of our analytical and numerical implemen-
tation is its flexibility to represent different congestion management designs in one con-
sistent framework. We are hence able to identify and isolate frictions and sources of
inefficiencies by comparing these different regulatory designs. Moreover, we are able
to benchmark the different designs against a frictionless welfare-optimal result, i.e., the
"first best”. In order to exclusively focus on the frictions and inefficiencies induced by the
congestion management designs, we do not address issues of timing, such as uncertainty
or sequential moving. Instead, we assume perfect competition, perfect information, no
transaction costs, utility-maximizing agents, continuous functions, inelastic demand and
an environment where generation and grid problems are solved simultaneously. As an
additional contribution, we calibrate and numerically solve our model for a large-scale
problem. Specifically, we investigate a detailed representation of the Central Western
European (CWE) region.?! Thereby, we offer a sound indication on how different con-
gestion management designs perform in practice, and provide empirical evidence that
nodal pricing is the efficient benchmark while alternative designs imply inefficiencies of

up to 4.6 percent until 2030.

The paper proceeds as follows: In Section 2, we analytically develop our modeling frame-
work. In Section 3, a numerical solution method to solve this framework is proposed.
In Section 4, we apply the methodology to a detailed representation of the CWE region
in scenarios up to the year 2030. Section 5 concludes and provides an outlook on future

research.

2The CWE region is one of seven regional initiatives to bring forward European market integration.
The countries within this area are Belgium, France, Germany, Luxemburg and the Netherlands.
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4.2 FEconomic framework

In order to develop a consistent analytical modeling framework for different congestion
management designs, we start with the well-known model for an integrated optimization
problem for planning and operating a power system.?? By design, this model does not
contain any frictions and inefficiencies. Hence, its result is necessarily first best and may
serve as the efficient benchmark for alternative settings. Moreover, it corresponds to the

concept of nodal pricing as introduced by Schweppe et al. (1988).23

Conceptually similar to Sauma and Oren (2006), we then make use of the possibility
to separate an integrated optimization problem into multiple levels (or, in other words,
subproblems). Even though the model structure is different, it can be shown that both
formulations of the problem yield the same results. However, in the economic interpre-
tation we can take advantage of the separated model structure representing unbundled
generation and transmission sectors. On the generation stage, competitive firms de-
cide about investments in and dispatch of power plants, whereas the transmission stage
consists of one or multiple TSOs that efficiently expand and operate transmission grid
capacities. Lastly, with generation and transmission separated, we are able to introduce
six practically relevant congestion management designs through the manipulation of the
exchange of information between and among the two levels, and show how they deviate

from the first best.

Even though the modeling framework would allow to study an extensive range of conges-
tion management designs, we restrict our attention to four settings (and two additional
variations) that are both, relevant in practical applications and sufficiently different
from each other. Specifically, our settings vary in the definition of market areas (nodal
and zonal pricing), the regulation and organization of TSOs (one or several TSOs), the
way of managing congestion besides grid expansion (redispatch and g-component) and
different alternatives for cross-border capacity allocation (NTC vs. flow-based market

coupling). The analyzed settings are summarized in the following Table 4.1.

Noticeably, despite the separated generation and transmission levels, in all settings
agents are assumed to act rationally and simultaneously while taking into account the
activities of the other stage.?* Furthermore, we assume perfect competition on the gen-
eration stage and perfect regulation of the TSOs in the sense that TSO activities are

aligned with social objectives. TSOs as well as generators are price taking, with an

228uch a model is typically applied to represent the optimization problem of a social planner or an
integrated firm optimizing the entire electricity system, including generation and transmission.

2%Nodal pricing usually describes prices based on short-term marginal costs. In our case, however,
since we consider investments and inelastic demand, the interpretation of the nodal prices differs. We
discuss implications in Section 4.2.1.

241Le., sequential moving and issues of timing are not considered.
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Market area and coupling TSO scope  TSO measures

1 Nodal markets One TSO Grid expansion
II-NTC Zonal markets, NTC-based coupling One TSO Grid expansion,
zonal redispatch
Il - FB Zonal markets, Flow-based coupling One TSO Grid expansion,
zonal redispatch
III - NTC  Zonal markets, NTC-based coupling Zonal TSOs Grid expansion,
zonal redispatch
Il - FB Zonal markets, Flow-based coupling Zonal TSOs Grid expansion,
zonal redispatch
v Zonal markets Zonal TSOs  Grid expansion,
zonal g-component

TABLE 4.1: Analyzed congestion management designs

independent institution (e.g., the power exchange) being responsible for coordinating
the activities of the different participating agents and for market clearing.?> Impor-
tantly, while in the first best design all information is available to all agents, alternative
congestion management designs may induce an adverse (e.g., aggregated) availability
of information. The solution of the problem is an intertemporal equilibrium which is
unique under the assumption of convex functions. Hence, a unique ordering of alterna-
tive problem settings, i.e., in our case, congestion management designs, can be obtained.
Noticeably, with the above assumptions, our general modeling approach can be thought
of as a way to compare today’s and future performances of different congestion manage-
ment designs based on today’s state of the system, today’s information horizon, as well

as rational expectations about future developments and resulting investment decisions.?

For developing the economic modeling framework in the following subsections, we will

deploy parameters, variables and sets as depicted in Table 5.5.

4.2.1 Setting I — First Best: Nodal pricing with one TSO

By design, nodal pricing avoids any inefficiency by covering and exchanging all informa-
tion present within the problem of optimizing the dispatch. It hence represents the first
best setting in our analysis of different congestion management designs. According to
Schweppe et al. (1988), a distinct price per grid node results from the optimal dispatch
of the entire system. Nodal prices are based on efficient locational short-run marginal
costs, obtained from a simultaneous market clearing that implicitly considers the physics

of the electricity network (specifically, loop flows). Introducing a dynamic perspective

2By assuming perfect competition and an inelastic demand, we are able to treat the general problem
as a cost minimization problem. This assumption is commonly applied for formulation of electricity
markets in the literature. An alternative formulation with a welfare maximization approach would be
possible, but wouldn’t impact the general conclusions.

25Tn our numerical application, this approach is supplemented with discounted future cash flows. See
Section 4.4 for further details.
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Abbreviation Dimension Description

Model sets

iel,jeld Nodes, I, J = [1,2,...]

m,n € M Zonal markets, M =[1,2,...]

t€lm,7€Im Nodes that belong to zonal market m,
InCcLJn,CJ

1€ Imcb,J € Im,cb Nodes that belong to zonal market m

and are connected to a
another zone n by a cross-border line,
Im,cb - Imy Jm,cb C Jm

Model parameters

0; EUR/kW Investment and FOM costs of generation capacity
in node 14

Ys EUR/kWh  Variable costs of generation capacity in node ¢

i EUR/kW Investment costs of line between node 4 and node j

d; kW Electricity demand in node i

PTDF — Power Transfer Distribution Factor

Oi,j % Cost share for an interconnector capacity between

node i and node j, © € Im.cb, 7 € Jm,cb

Model primal variables

G; kW Generation capacity in node i, G; > 0
G; kW Generation dispatch in node i, G; > 0
T; i, T kW Electricity trade from node 7 to node j,
or market m to market n
X EUR Costs of generation
Y EUR Costs of TSO
?m kW Line capacity between node ¢ and node j, ﬁi_j >0
P ; kW Electricity flow on line between node ¢ and node j
R; kW Redispatch in node %
Model dual variables
Kij, Kmon EUR/EW price for transmission between nodes (i and j)
or zones (m and n)
iy Am EUR/kW nodal or zonal price for electricity

TABLE 4.2: Model sets, parameters and variables

in this nodal pricing framework, we abstract from economies of scale and lumpiness that
would render short-run nodal prices insufficient for long-term investments and jeopar-
dize the existence of an equilibrium as well as its uniqueness (Joskow and Tirole (2005),
Rious et al. (2009)). Instead, we assume constant marginal grid costs and continuous
generation and transmission expansion.?” Together with the assumption of inelastic de-
mand, we derive nodal prices which are either based on short-run marginal costs (in

off-peak hours) or include marginal capacity costs in peak load hours. Consequently, we

2"This assumption is certainly more critical for transmission investments which require a certain
magnitude to be realized. Generation investment might also be lumpy, but smaller plant sizes are
possible.
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4 Congestion management in power systems

derive nodal prices that are both efficient and sufficient.?®

The following optimization problem P1 corresponds to the formulation of Schweppe et al.
(1988) of an integrated problem for operating generation and transmission, extended to
include investment decisions. In this formulation, a social planner or an integrated
firm minimize total system costs of the operation and investment of generation and

transmission.

P1 Integrated Problem

SEC S SUCEDDTRD Y (4.10)
S.t. G; — ZTi’j =d; Vi | i (4.1b)
J
G; <G, Vi (4.1c)
|Pi,j == f(TlJ) S Pi,j Vl,j ‘ Hi,j (41d)

Indices i, j represent nodes in the system. Generation G;, generation capacity G; and
transmission capacity ?i,j are explicitly optimized, while trade T; ; is implicitly derived
from Equation (4.1b).2? Additional capacities can be installed at the costs of §; for
generation and p; ; for transmission. Nodal prices are derived from the dual variables
A; of the equilibrium constraint which states that the demand level d; at node ¢ can be
either satisfied by generation at the same node or trade (Equation (4.1b)). Equations
(4.1c) and (4.1d) mirror that generation is restricted by installed generation capacities,
and trade by installed transmission capacities. The calculation of flows on transmission
lines according to Kirchhoff’s law is represented by function f in Equation (4.1d). For

instance, function f could represent a PTDF matrix which determines how flows on each

line are impacted by trades.?"

As has been shown, e.g., by Conejo et al. (2006), an integrated optimization problem can
be decomposed into subproblems which are solved simultaneously, while still represent-
ing the same overall situation and corresponding optimal solution. In our application,
we take advantage of this possibility to represent separated generation and transmission

levels in problem P1°’. The generation stage P1’a states the market clearing of supply

28Note that in the long-term, without additional restrictions, nodal prices would all tend to the costs
of the most cost-efficient generation technology. However, in a problem with diversified assets to start
with (i.e., an existing generation fleet), and inter-temporal (e.g., ramping) as well as technology-specific
(e.g., renewable resource availability) constraints, long-term variations in the nodal prices will persist.
These conditions will typically hold true in any applied power system model.

29For better readability, we dropped the time index t, which is the only reason why G; and G; may
differ.

39We will use the PTDF approach in the numerical implementation, as it enables a linearization of
the non-linear grid problem (cf. Hagspiel et al. (2014)).
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4.2 Economic framework

and demand while respecting generation capacity constraints. As in P1, the same nodal
prices are obtained by the dual variable A; of the equilibrium constraint (4.2b). Instead
of including the explicit grid expansion costs in the cost minimization, the objective
function of the generation stage now contains transmission costs which assign trans-
mission prices x;; to trade flows between two nodes i and j. These prices are derived
from the dual variable of the equilibrium constraint on the transmission stage (Equation
(4.2e)). We assume that the TSO is perfectly regulated to minimize costs of grid exten-
sions accounting for the physical feasibility of the market clearing as determined on the

generation stage while considering all grid flows and related costs (problem P1°b).

Pl’a Generation

= Iglr; X = Z 8;Gi + Z v G + Z /fi,jf(Ti,j) (4.2a)
HTislig i i Z,]
5.t Gi—> Tij=d; Vi BY (4.2Db)
J
Gi <G, Vi (4.2¢)
P1’b Transmission

rgin Y = Z ,U"L',j?i,j (42(31)

Fig i
s.t. ’Pi,j’ = f(Tz,j) S ﬁ@j VZ,] ‘ sz',j (426)

As can be seen, all terms of P1 reappear in P1’, however, allocated to two separated
levels. Both formulations describe the same problem and hence, have the same outcome,
namely the first best. In fact, in the optimum of Problem P71’ it must hold that the
costs of transmission expansion are equal to the marginal of the transmission constraint,
ie. pij = Kij. Furthermore, the duality property of the problem ensures that in
the optimum, Z” ,ui,jﬁi,j = Z” kijf(Ti;), such that the objectives of PI and PI1’

coincide.

4.2.2 Setting II: coupled zonal markets with one TSO and zonal
redispatch

In zonal markets, a number of nodes are aggregated to a market with a uniform price. In
contrast to nodal pricing, coupled zonal markets only consider aggregated cross-border
capacities between market zones during market clearing (instead of all individual grid

elements). Thus, the obtained prices for generation do not reflect the true total costs
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4 Congestion management in power systems

of the entire grid infrastructure. This is due to the fact that zonal prices only reflect
those cross-border capacities that limit activities between zonal markets. Cross-border
capacities can be allocated in different ways. We consider Net Transfer Capacity (NTC)
and flow-based market coupling as cross-border capacity allocation algorithms because
they have been used extensively in the European context (see, e.g., Glachant (2010),
Commission de Régulation de 'Energie (2009)). NTCs are a rather simplified version
of cross-border trade restrictions, widely neglecting the physical properties of the grid
as well as its time-varying characteristics. Flow-based (FB) market coupling shows a
much better consideration of the physical grid properties which is crucially important in
case of meshed networks. Under flow-based market coupling, cross-border transmission
capacities are calculated taking into account the impact of (cross-border) line flows on
every line in the system (e.g., Oggioni and Smeers (2013)). As a consequence, more
capacity can generally be offered for trading between markets, and a better usage of

existing infrastructures is achieved.

Because intra-zonal congestion is neglected in the zonal market-clearing, it needs to be
resolved in a subsequent step by the T'SO. Besides the expansion of grid capacities, in
Setting II we provide the TSO with the opportunity of zonal redispatch. The TSO
may instruct generators located behind the bottleneck to increase production (positive
redispatch), and another generator before the bottleneck to reduce production (negative
redispatch). We assume here a cost-based, revenue-neutral redispatch: the TSO pays
generators that have to increase their production their variable costs, and in turn receives
the avoided variable costs of generators that reduce their supply. As the generator with
positive redispatch was not part of the original dispatch, it necessarily has higher variable
costs than the generator that reduces supply. Thus, the TSO has to bear additional
costs that are caused by the redispatch which amount to the difference between the
variable costs of the redispatched entities. Assuming further that the TSO has perfect
information about the variable costs of the generating firms, redispatch measures of the
TSO have no impact on investment decisions of generating firms as they are revenue-
neutral. Hence, additional costs for the economy are induced by inefficient investment
decisions of those generators that are not aligned with the overall system optimum due

to missing locational price signals.

In the formulation of problem P2a zonal pricing is represented by the zonal market
indices n, m, each containing one or several nodes i. Market clearing, depicted by the
equilibrium Equation (4.3b), now takes place on zonal instead of nodal markets. The
corresponding dual variable \,, represents zonal prices, which do not include any grid
costs except for cross-border capacities. This is indicated by the term Zmn KmanTmn
instead of the nodal formulation (with ; ;) above. Transmission prices are determined

on the transmission stage (Equation (4.3h)). However, contrary to nodal pricing, these
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4.2 Economic framework

prices are calculated based on some regulatory rule (e.g., NTC or FB) and are thus
inherently incomplete since they do not represent real grid scarcities. It is noteworthy
that nodal trades cannot be used by the TSO anymore to calculate line flows via f(7; ;).
However, the information on generation (G;) and demand (d;), i.e., nodal power balances,
is equally sufficient to determine power flows on all lines via function f(Gj,d;).>' In
addition to grid expansion, the TSO may relieve intra-zonal congestion and optimize

the situation by means of redispatch measures R; at costs of v; R;.

P2a Generation

min X = ZdG —i—Z%G +ann mon (4.3a)

é'L':CTVz'yT‘m.,n
s.t. d Gi— ZTmn =) d vm | A (4.3b)
iGIm ZGIm
P2b Transmission
mln Y = ZMW ij T Z% i (4.3d)
P’L ]1

s.t. | P | = (GZ, d;) < P” Vi, j | Kij (4.3e)
> Ri=0 vm (4.3f)

i€Im
0<G;+R; <G Vi 4.3g)
Rmn = g(/{/i,j) (4 3h)

The following two examples illustrate the fundamental differences between Setting I and
II.

Example for 2 nodes and 2 markets: If the electricity system consists of 2 nodes
and 2 markets (Figure 4.1, left hand side), Setting I and II should be identical. Due to
the market regions only consisting of one node, the redispatch Equations (4.3f), (4.3g)
as well as the cost term of redispatch in the objective function (>, v;R;) vanish. In a
welfare optimized system, it holds that k., , = k; ;, leading to equivalence of problem
P2 and problem P1".

31Note that the duality of the problem would also allow for an alternative formulation of the cross-
border transmission constraint by means of quantity constraints instead of prices. Hence, the cost of
transmission in the objective function of the generation stage (Zm n Km,nTm,n) would disappear and
an additional constraint for trading would be implemented (|Tom,n| < Conon,Vm, n). The restriction of
trading volumes C, » would be calculated on the transmission stage P2b via a constraint Cy, ., = h(P;, ;)
instead of the prices km,». These prices would then be the dual variable of the volume constraint on the
generation stage, and necessarily coincide with Ky, p.
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4 Congestion management in power systems

Example for 3 nodes and 2 markets: Figure 4.1, right hand side, shows an electricity
system consisting of two markets m and n, where m includes one node (1) and n two
nodes (2,3). Function ¢ for calculating the transmission price k,, (Equation (4.3h))
between the markets has to be defined, e.g. by averaging the single line prices k., =
(K12 + K13)/2. Still, the TSO cannot supply the locational fully differentiated prices
k1,2, k1,3 and kg 3 to the market, and hence, efficient allocation of investments is (partly)
achieved between the markets, but not within the markets. Redispatch does not fully
solve this problem, because it is revenue-neutral and does not affect the investment

decision.

market m K market n

FicURE 4.1: Two simple examples. Left: 2 nodes, 2 markets. Right: 3 nodes, 2
markets

Overall, Settings I and II differ in the way grid costs are reflected on the generation
stage. Specifically, Setting Il lacks locational differentiated prices, thus impeding ef-
ficient price signals r;; for the generation stage. Of course, the level of inefficiency
depends substantially on the regulatory rule determining the calculation of prices based
on a specification of function g(k; ;). In general, it is clear that the closer the specifica-
tion of g reflects real-time conditions and the more it enables the full usage of existing
grid infrastructures, the more efficiently the general problem will be solved. While we
limit our analysis in this section to this general finding, we will discuss two possible
specifications often implemented in practice (NTC and flow-based market coupling) in
the empirical example in Section 4.4. Given the inefficiency induced by the specification
of function g, the question remains whether and how redispatch measures may help to
relieve the problem. We find that the resulting inefficiency cannot be fully resolved
by redispatch because the latter remains a zonal measure (Equation (4.3f)). Hence,

the TSO cannot induce an efficient usage of generation and transmission across zonal
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borders. Furthermore, investments into generation capacities are not influenced by re-
dispatch and only zonal prices as well as their costs are considered.?? Hence, the setting

lacks locational signals for efficient generation investments within zonal markets.

4.2.3 Setting III: coupled zonal markets with zonal TSOs and zonal
redispatch

In this setting, we consider zonal markets with zonal TSOs being responsible for grid
expansion as well as a zonal redispatch. Thus, the problem on the generation stage
remains exactly the same as in the previous setting (i.e., P3a = P2a). However, the
transmission problem changes, such that now multiple zonal T'SOs are considered. Each
TSO solves its own optimization problem according to the national regulatory regime
(in our case corresponding to a cost-minimization within the zones). However, cross-
border line capacities are also taken into account. Hence, grid capacities, especially
cross-border capacities, are extended inefficiently as they do not result from an opti-
mization of the entire grid infrastructure. In addition — just as in the previous setting
— inefficient investment incentives for generation and grid capacities are caused by the
lack of locational differentiated prices. Hence, overall, system outcomes in Setting 111

must be inferior to those of Setting I1.

P3a Generation

min X = (5261 + G + Emnlm.n 4.4a
0.8, X 72N 2 Gt el (1)
s.t. Y Gi=) Tun=>di vm | A (4.4b)
i€Im n 1€Im
Gi<G; Vi (4.4c)
P3b Transmission

~ min Y, = Z ,Uz‘,jﬁi,j‘f’ Z Uz‘,juz’,j?z‘,j-i- Z%‘Rz’ vm (4.4d)

Pi jetm Ricim

%,J€EIm 4,5€lm,cb i€Im
s.t. \P,j| = f(Gy,d;) < P Vi, j € Iy |Kijeln  (4.4e)
Z R; =0 (4.4f)
i€Im
0<Gi+R; <G, Vi € Im (4.4g)
Fmn = g(Kij) (4.4h)

32For obtaining a unique equilibrium we assume that costs differ over all nodes, such that decisions
for generation and investments are unambiguously ordered.

69



4 Congestion management in power systems

In problem P3, there are now separate optimization problems for each zonal TSO (in-
dicated by Y;,), with the objective to minimize costs from zonal grid and cross-border
capacity extensions as well as from zonal redispatch measures (Equation (4.4d)). For the
redispatch, TSOs have to consider the same restrictions as in the previous setting (Equa-
tions (4.4f) and (4.4g)). As cross-border capacities are by definition located within the
jurisdiction of two adjacent market areas, the two corresponding TSOs have to negoti-
ate about the extension of these cross-border capacities. In fact, cross-border capacities
built by two different TSOs may be seen as a Leontief production function, due to the
fact that the line capacities built on each side are perfect complements. Corresponding
costs from inter-zonal grid extensions are assumed to be shared among the TSOs accord-
ing to the cost allocation key o; j. According to Equation (4.4h), prices for transmission
between zones that are provided to the generation stage (k) are determined just as in
the previous Setting II with only one TSO, depending on the type of market coupling,
i.e., the specification of function g. The only difference is that line-specific prices r; ;
may now deviate from Setting Il as they result from the separated activities of each
zonal TSO (specifically, from Equation (4.4e), i.e., the restriction of flows on intra-zonal
and cross-border lines). Due to the fact that situations may arise where an agreement on
specific cross-border lines between neighboring TSOs cannot be reached (which would
imply that an equilibrium solution cannot be found), we assume the implementation of
a regulatory rule that ensures the acceptance of a unique price for each cross-border line
by both of the neighboring TSOs. For instance, the regulatory rule may be specified
such that both TSOs are obliged to accept the higher price offer, or, equivalently, the

lower of the two capacities offered for the specific cross-border line.

4.2.4 Setting I'V: coupled zonal markets with zonal TSOs

and g-component

In this last setting, we again consider coupled zonal markets with zonal TSOs. However,
instead of having the possibility to perform a zonal redispatch (as in Setting III), zonal
TSOs may now determine local, time-varying prices for generators, i.e., a g-component,
at each node belonging to its zone to cope with intra-zonal congestion. As the g-
component reflects the impact of generators on the grid at each node and each instant of
time, grid costs are being transferred to the generating firms which consider them in their
investment and dispatch decision. In other words, T'SOs are able to provide locationally
differentiated prices (and hence, generation and investment incentives) for generators
within their zone. Noticeably, we do not consider an international g-component here as
this would yield the same results as a nodal pricing regime due to generators considering

the full set of information concerning grid costs. However, two frictions that may cause
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an ineflicient outcome of this setting remain. When determining nodal g-components,
zonal T'SOs only consider grid infrastructures within their zone, and not within the en-
tire system. Furthermore, as in Setting II1, the desired expansion of cross-border lines,
which is here assumed to be solved by some regulatory rule ensuring successful negotia-
tion, may deviate between/across neighboring TSOs. However, the negotiation outcome

can only be at least as good as an integrated optimization.

Pja Generation

min X = (5162 + Gy + Ki.i f G, d; 4.5a
.G T ; ; Y ; ,jf( ) ( )
s.t. Y G- Tun=>) di vm | A (4.5b)
1€1m n 1€Im
Gi S él Vi (4.50)
P4b Transmission

min Y, = Z ,Uz‘,jﬁi,j‘i‘ Z Uz‘,jﬂi,jﬁi,j VYm (4.5(1)

©J€lm,Im cb 1,j€Im 1,7€Lm,cb

s.t. ‘Pm" = ']E(Gz, dz) < ?i,j Vi,j S Im, Im,cb ‘ Ki,5€Im,Im,cb (4.56)

7

Problem Pja is almost identical to P2a (and P3a), with the exception of one term in the
objective function (4.5a). With a g-component, generators pay nodal instead of zonal
prices for transmission (k;; instead of £,), depending on the impact of their nodal

generation level on the grid infrastructure (f(G;,d;)). These prices are determined by

the zonal TSOs via their flow-restriction (4.5e).

4.3 Numerical solution approach

Our approach to numerically solve the problem depicted in the previous section builds
on the concept of decomposition. In fact, it follows the approach already depicted in the
context of Setting I (Section 4.2.1), where we decomposed the integrated problem into
two separate levels that are solved simultaneously and showed that they can — in eco-
nomic terms — be interpreted as generation and transmission levels. According to Conejo
et al. (2006), decomposition techniques can be applied to optimization problems with a
decomposable structure that can be advantageously exploited. The idea of decomposi-
tion generally consists of splitting the optimization problem into a master and one or

several subproblems that are solved iteratively. For the problem we are dealing with,
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namely the simultaneous optimization of generation and grid infrastructures under dif-
ferent congestion management designs and a varying number of TSOs, decomposing the
overall problem entails two major advantages: First, the decomposition allows to easily
implement variations of the generation and transmission levels including the underlying
congestion management design. Hence, the model can be flexibly adjusted to represent
the various settings described in the previous section. Second, the iterative nature of the
solution process resulting from the decomposition allows to readily update PTDF matri-
ces every time changes have been made in the grid infrastructure. This iterative update
of the PTDF matrix, as suggested by Hagspiel et al. (2014), successively linearizes the
non-linear optimization problem to ensure a consistent representation of generally non-
linear grid properties, and allows for solving a corresponding linear problem. Linear
problems can be solved effectively for global optima using standard techniques, such as
the Simplex algorithm (e.g., Murty (1983)). Furthermore, the decomposition of linear
problems preserves convexity and hence, also guarantees convergence towards the global
optimum (e.g., Conejo et al. (2006)).33 The obtained global optimum corresponds to an
intertemporal equilibrium without uncertainty that is — due to the linear (and hence,
convex) nature of our problem — unique. Moreover, in economic terms, the iterative
algorithm to solve the decomposed problem can be readily interpreted as a price adjust-
ment by a Walrasian auctioneer, also know as tatonnement procedure (e.g., Boyd et al.
(2008)).

With some minor modifications, we can directly follow the (economically intuitive) for-
malization developed in the previous section and implement separate optimization prob-
lems representing the different tasks of generation and grid as well as the various settings
(I-1V'). We define the generation stage as the master problem, whereas the subproblem
covers the transmission stage.>® The principle idea of the solution algorithm is to solve
the simultaneous generation and transmission stage problem iteratively, i.e., in a loop
that runs as long as some convergence criterion is reached. In this process, optimized
variables and marginal values are exchanged between the separated generation and grid
levels reflecting the configuration of congestion management and TSO organization. For
the settings described in the previous section, prices, which are iterated and thus ad-

justed, differ with respect to the information they contain and hence determine to which

331t should be noticed that despite the linearization and iterative solution, the non-linearity of the
subproblem constraints still exists. However, even though not formally, Hagspiel et al. (2014) show that
the problem converges for both, small test systems as well as large-scale applications. We confirm these
findings in several model runs where we vary starting values over a broad range and did not find evidence
against convergence. However, an analytical proof is still missing.

34 Noticeably, the model could be inverted such that the master problem represents the grid sector
which would, however, not change any of the results obtained.
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degree efficiency can be reached. Compared to nodal pricing (Setting I), the other set-
tings provide prices or products that describe the underlying problem only incompletely

— and hence, entail an inefficient outcome.

The numerical algorithm to solve the nodal pricing model is sketched below. Parameters
that save levels of optimal variables for usage in the respective other stage are indicated
by (). It should be noticed that for the sake of comprehensibility, we still represent a
simplified version of a more complete power system model that would need to account
for multiple instances in time, multiple generation technologies, etc.. However, the

extension is straightforward and does not change the principle approach depicted here.

Information passed from the transmission to the generation stage is captured by «, for
which a constraint (lower bound) is added in each iteration u up to the current iteration

v. This constraint consists of total grid costs Y(*) as well as the marginal costs each
(u)
i
information are provided in the highest possible temporal and spatial resolution. As

unit of trade T;; is causing in the grid per node, denoted by Both pieces of
these components occur in the objective function of the generation stage (via «), the
optimization will try to avoid the additional costs it is causing on the transmission
stage, e.g., by moving power plant investments to alternative locations. The variable
« is needed to correctly account for the impact of the transmission on the generation
stage. On the transmission stage, the TSO is coping with the exchange (i.e., trade) of
power stemming from the dispatch situation delivered by the master problem, thereby
determining the marginal costs the trade is causing on the transmission stage, i.e.,
k. Power flows are calculated by linearized load-flow equations represented by PTDF
matrices mapping. The TSO then expands the grid such that it supports the emerging

line flows at minimal costs.
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v = 1; convergence=false
While(convergence=false) {

Master problem: generation

min X = 5;Gi + Gy + 4.6a
éi,Gi,Ti’j,a ; ; f)/ ( )
s.t. Gi—>» Tj=d; Vi (4.6b)
J
Gi<G; Vi (4.6¢)
YO LS WY (T - T <o V=10 1o > 1 (4.6d)
1]
TZ»(;}-) = Optimal value of T; ;  Vi,j (4.6e)
Sub-problem: transmission

7min Y = Z,ui,j?m- (46f)

P Tij 7
st. Pyl = |r@)| =|proF 1| < Py Vig o |kl (4.68)
Y ®) = Optimal value of Y’ (4.6h)

if(convergence criterion < threshold; convergence=true)
v=0v+1

|5

As regards the representation of settings II-1V, only very few modifications are needed
compared to the nodal pricing regime (Setting I'). The numerical algorithmic implemen-
tation of the various settings and modifications directly follows the procedure discussed

in Section 4.2 and is thus not discussed again in detail here.3?

35Nevertheless, for the sake of completeness and reproducibility, we have included one more complete
model formulation illustrating the main differences of the other settings in Appendix 4.6.
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4.4 Large-scale application

In this section, we apply the previously developed methodology to a detailed representa-
tion of the power sector in the Central Western European (CWE) region up to the year
2030. The application demonstrates the suitability of the modeling framework for large-
scale problems and allows to assess and quantify the welfare losses in the considered

region caused by different congestion management designs.

Given its historical, current and foreseen future development, the CWE region appears
to be a particularly timely and relevant case study for different congestion management
designs. In order to increase the market integration of European electricity markets
towards an internal energy market, the European Union (EU) has declared the coupling
of European electricity markets, which are organized in uniform price zones, an impor-
tant stepping stone (see e.g., Glachant (2010), Commission de Régulation de I’Energie
(2009)). As for the cross-border capacity allocation, after a phase of NTC (Net Trans-
fer Capacities) based market coupling, the CWE region is currently implementing a
flow-based market coupling which is expected to increase the efficiency of the utilization
of transmission capacities as well as overall social welfare (Capacity Allocating Service
Company, 2014). Even though nodal pricing regimes have often been discussed for the
European power sector (see, e.g., Ehrenmann and Smeers (2005) or Oggioni and Smeers
(2012)), it can be expected that uniform price zones that correspond to national bor-
ders will remain. In fact, zonal markets coupled via a flow-based algorithm have been

declared the target model for the European power sector (ACER, 2014).

In each zonal market, the respective zonal (i.e., national) TSO is responsible for the
transmission network. Thereby, TSOs are organized and regulated on a national level,
such that they can be assumed to care mainly about grid operation and expansion
planning within their own jurisdiction. Although there are an umbrella organization
(ENTSO-E) and coordinated actions, such as the (non-binding) European Ten-Year-
Network-Development-Plan (TYNDP), the incentives of the national regulatory regime
to intensify cross-border action might fall short of effectiveness. At the same time,
Europe is heavily engaged in the large-scale deployment of renewable energies, hence
causing fundamental changes in the supply structure. Generation is now often built with
respect to the availability of primary renewable resources, i.e., wind and solar irradiation,
and not necessarily close to load. This implies that the current grid infrastructure is
partly no longer suitable and needs to be substantially redesigned, rendering an efficient

congestion management even more important than before.
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4.4.1 Model configuration and assumptions

The applied model for the generation stage belongs to the class of partial equilibrium
models that aim at determining the cost-optimal electricity supply to customers by
means of dispatch and investments decisions based on a large number of technologi-
cal options for generation. As power systems are typically large and complex, these
models are commonly set up as a linear optimization problem which can efficiently
be solved. Our model is an extended version of the linear long term investment and
dispatch model for conventional, renewable, storage and transmission technologies as
presented in Richter (2011) and applied in, e.g., Jigemann et al. (2013) or Hagspiel
et al. (2014). In contrast to previous versions, the CWE region, i.e., Belgium, France,
Germany, Luxembourg and Netherlands, is considered with a high spatial (i.e., nodal)
resolution. In order to account for exchanges with neighboring countries, additional
regions are defined, but at an aggregated level: Southern Europe (Austria, Italy and
Switzerland), South-West Europe (Portugal and Spain), North-West Europe (Ireland
and UK), Northern Europe (Denmark, Finland, Norway and Sweden), and Eastern Eu-
rope (Czech Republic, Hungary, Poland, Slovakia and Slovenia). Figure 4.2 depicts the
regional coverage and aggregation as they are represented in the model. In total, the

model represents 70 nodes (or markets) and 174 power lines (AC and DC).

The model determines a possible path of how installed capacities will develop and how
they are operated in the future assuming that electricity markets will achieve the cost-
minimizing mix of different technologies which is obtained under perfect competition and
the absence of market failures and distortions. Among a number of techno-economic
constraints, e.g., supply coverage or investment decisions, the model also includes a
number of politically implied constraints: nuclear power is phased-out where decided
so, and then only allowed in countries already using it; a COs-Quota is implemented
corresponding to currently discussed targets for the European energy sector, i.e., 20
percent reduction with respect to 1990 levels in 2020, and 40 percent in 2030 (European
Commission, 2013b, 2014b); nation-specific 2020 targets for renewable energy sources are
assumed to be reached until 2020 whereas from 2020 onwards there are no further specific
renewable energy targets. At the same time, endogenous investments into renewable

energy technologies are always possible.

The utilized model for the transmission stage is based on PTDF matrices which are
calculated using a detailed European power flow model developed by Energynautics (see
Ackermann et al. (2013) for a detailed model description). The number of nodes (70)
corresponds to the nodal markets implemented in the generation market model and
represents generation and load centers within Europe at an aggregated level. Those

nodes are connected by 174 high voltage alternating current (AC) lines (220 and 380kV)
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as well as high voltage direct current (HVDC) lines. Even though the model is generally
built for AC load flow calculations, it is here used to determine PTDF matrices for
different grid expansion levels. As in Hogan et al. (2010), the law of parallel circuits is
applied for the reactances’ dependency on line capacity. Hence, each time an existing line
with reactance z7 is expanded by some amount characterized by reactance x5 (dependent

on the added line capacity), the new reactance becomes 1/x = 1/ + 1/xs.

FIGURE 4.2: Representation of the CWE and neighboring regions in the model

As a starting point, the optimization takes the situation of the year 2011, based on a
detailed database developed at the Institute of Energy Economics at the University of
Cologne which in turn is largely based on the Platts WEPP Database (Platts, 2009).
From these starting conditions, the development for the years 2020 and 2030 is opti-
mized.?® As for the temporal resolution, we represent the operational phase by nine
typical days representing weekdays and weekend as well as variations in and interde-
pendencies between demand and power from solar and wind. One of the typical days
represents an extreme day during the week with peak demand and low supply from wind
and solar. Specific numerical assumptions for the generation and transmission model

can be found in Appendix 4.6.

36Technically, we implement the optimization routine up to 2050, but only report results until 2030.
This is necessary to avoid problematic results at the end of the optimization timeframe.
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4 Congestion management in power systems

As in Settings II-IV zonal markets are being considered, assumptions about the cross-

border price function g(x; ;) are necessary. For the NTC-based coupling of market zones,

we define function g(k;;) = 1.43 - % Vi,j € Imecp for each market border. The
function consists of the weighted average of cross-border line marginals multiplied by
a security margin. The security margin is the inverse of the ratio of NTC capacity
to technical line capacity and has been derived heuristically by comparing currently
installed cross-border grid capacities with NTC values reported by ENTSO-E for the
CWE region. For flow-based market coupling, we set this security margin to one, in order
to account for enhanced cross-border capacities provided to the power market.?” In the
case of zonal TSOs, we have made the following two assumptions: Differing interest of
TSOs regarding cross-border line extensions are aligned by taking the smaller one of the
two expansion levels.>® The costs of cross-border lines are shared half-half by the two

TSOs concerned, i.e., 0; ; = 0.5.

As suggested in Conejo et al. (2006), we define our convergence criterion as the dif-
ference between an upper bound (total generation and grid costs) and a lower bound
(total generation costs and grid costs that are visible to the generator) of the overall
problem and demand it to undershoot a 2.5 percent threshold. This definition is based
on the empirical observation that further improvements on the optimality error have

little impact on the objective value and optimized capacities.

4.4.2 Results and discussion

We found that all settings converge to the optimal level in a range from around 20 to 60
iterations (corresponding to a solution time of 2 to 7 days). For practical reasons, we let
all settings solve for one week and — after having double-checked that our convergence

quality is met — take the last iteration for obtaining our final results.

To illustrate the convergent behavior of our problem, the following Figure 4.3, left hand
side, shows the development of the optimality error (relative difference between the
upper and lower bound of the optimization) along with the (absolute) rate of change
of the lower bound obtained during the iterative solution of the nodal pricing setting.

The lower bound is observed to change only slightly, reaching change rates smaller than

370f course, this is just a simple representation of the cross-border capacity allocation. However, a
more detailed representation is rather complex and would go beyond the scope of this paper. For more
sophisticated models of flow-based capacity allocation, the reader is referred to Kurzidem (2010).

38BEquation (4.71) in Appendix 4.6. Note that this assumption may influence the equilibrium solution
of the coordination between the TSOs. Due to the fact that the minimum of the line capacities is chosen,
the solutions for the T'SOs are no longer continuous. Hence, some equilibria might be omitted during
the iterative solution of the problem. We accept this shortfall in our numerical approach for the sake of
the large-scale application. The general approach, however, remains valid, and a process for determining
all equilibria could be implemented in the numerical solution method (e.g., through randomized starting
values).
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4.4 Large-scale application

0.01 percent after some 40 iterations. Moreover, as can be derived from the numbers
presented in Figure 4.3, the relative error decreases at much faster rates with a ratio
of approximately 200 for an estimated exponential trend and an iteration count of 60.
Taking into account that the decomposition-based algorithm ensures a monotonically
changing lower bound, it can be expected that the error further decreases mainly due to
changes in the upper bound. Consequently, we argue that the lower bound can be taken
as a good guess for the optimal objective value if our convergence criterion is met. A
closer analysis of the optimized variable levels that reach stable levels during the same
number of iterations is supporting this argument. As an example, the right hand side of
Figure 4.3 shows aggregated AC line capacities obtained in the final runs of the nodal

pricing setting.
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FIGURE 4.3: Development of lower bound, optimality error and aggregated AC line
capacities during the iteration in Setting I

Costs are reported as accumulated discounted system costs.?® In the generation sector,
costs occur due to investments, operation and maintenance, production as well as ramp-
ing, whereas in the grid sector, investment as well as operation and maintenance costs
are considered. Overall costs of electricity supply can be considered as a measure of
efficiency and are reported in the following Figure 4.4 for the different settings. Besides
the absolute costs, which are subdivided into generation and grid costs, the relative cost

increase with respect to the overall costs of the nodal pricing setting is also depicted.

As expected, nodal pricing (Setting I) is most efficient, with total costs summing up
to 899.0 bn. €511 (874.3 bn. for generation and 24.7 bn. for the grid). Overall, costs
increase by up to 4.6 percent relative to Setting I for the other settings. Thereby, NTC-
based market coupling induces highest inefficiencies of 3.8 percent and 4.6 percent for
one single T'SO or zonal TSOs, respectively, both with the possibility to do redispatch
on a national basis (Setting II-NTC and Setting III-NTC'). Hence, offering few amounts
of trading capacity to the generation market, as implied by NTC-based market coupling,
induces significant inefficiencies. In fact, by increasing trading capacities via flow-based

market coupling, system costs can be lowered and inefficiencies amount to 2.5 percent

39The discount rate is assumed to be 10 percent throughout all calculations.
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FIGURE 4.4: Total costs and relative performance of the different settings

for the single TSO, respectively 3.5 percent for zonal TSOs compared to nodal pricing
(Setting 1I-FB and Setting III-FB). Hence, efficiency gains of 1.1-1.3 percent of total
system costs can be achieved by switching from NTC to flow-based market coupling. In
turn, enhanced trading activities induced by flow-based market coupling entail greater
TSO activity, both in the expansion as well as in the redispatch. For this reason, TSO
costs are higher for flow-based than for NTC-based market coupling. However, these
additional costs are overcompensated by lower costs in the generation sector. The net
effect of a switch from NTC to flow-based market coupling is beneficial for the overall

system.

Somewhat surprisingly, the national g-component (Setting IV) hardly performs better
than the same setting with redispatch (Setting III-FB). Hence, the optimal allocation
of power generation within market zones is hardly influenced by grid restrictions within
that zone. In contrast, the optimal allocation induced by nodal prices throughout the
CWE region entails substantial gains in efficiency due to reduced system costs. The
setting that comes closest to nodal pricing consists of flow-based coupled zonal markets
with a single TSOs and induces an inefficiency of 2.5 percent in comparison to nodal
pricing (Setting II-FB vs. Setting I).

Even though the share of TSO costs on total costs is very small compared to the share of
generation costs in all settings (1.3-2.7 percent)*’, the amount of grid capacities varies
greatly between the different settings. Figure 4.5 shows the aggregated high voltage
(HV) AC and HVDC line capacities.

Grid capacities are generally lower in the case of zonal TSOs where they only agree on
the smaller of the two proposed expansion levels for cross-border lines (Setting I1I-FB

and Setting III-NTC'). In these cases, overall AC grid capacities increase from 331 GW

40The rather minor role of grid costs compared to costs occurring in the generation sector has already
been identified, e.g., in Fiirsch et al. (2013).
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FIGURE 4.5: Aggregated line capacities AC and DC

in 2011 to 398 GW (Setting III-NTC') respectively 418 GW (Setting III-FB) in 2030,
corresponding to an increase of 20-28 percent. In case of a single TSO, cross-border
along with overall line expansions are significantly higher compared to zonal TSOs, with
2030 levels reaching 519 GW (Setting II-NTC') to 724 GW (Setting II-FB). Especially
in Setting II-FB, the TSO is obliged to cope with inefficiently allocated generation
plants by excessively expanding the grid, while not being able to avoid those measures
with suitable price signals. DC line expansions appear to be crucial for an efficient
system development, especially towards the UK where large wind farms help to reach
COq-targets and to supply the UK itself as well as the continent with comparatively
cheap electricity. Thereby, the high DC expansion level in the nodal pricing regime
is remarkable. Whereas in zonal markets prices are ”averaged” across the zone, nodal
prices reveal the true value of connecting specific nodes via DC-lines and thus enable
efficient investments in those projects. In consequence, in the nodal pricing regime, DC
line capacities are about double as high as in the other settings. This helps to reduce

overall costs to a minimum (Setting I).

Besides the overall level of grid and generation capacities, their regional allocation also
differs between the various settings, mainly due to differences in the (local) availability
of transmission upgrades. As has been seen, higher grid expansion levels result from a
single TSO (Setting I and Setting II), enabling a better utilization of renewable energies
at favorable sites (i.e., sites where the specific costs of electricity generation are lowest).
In Figure 4.6, we exemplarily illustrate this effect based on a cross-border line between
France and Germany (line 80 in our model). However, the same effect is observable for
other interconnections, e.g., between France and Belgium. Higher grid capacities allow
the use of high wind speed locations in Northern France and thus foster more expansion of
wind capacities in this area. In case of zonal TSOs (Setting III and Setting IV') only low
amounts of wind capacity are built in France (e.g., in node FR-06) as these areas cannot
be connected with the rest of the system. To still meet the European COs-target, PV
power plants are built in the southern part of Germany (e.g., in node DE-27). Obviously,
these locations are non-optimal with respect to other options as they are not used in

the setting with one TSO. Thus, implemented market designs significantly influence the
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amount and location of renewable energies within the system.*!
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FIGURE 4.6: Exemplary grid expansion and regional allocation of renewable energies

4.5 Conclusions

In the context of liberalized power markets and unbundled generation and transmission
services, the purpose of this paper was to develop a modeling framework for different
regulatory designs regarding congestion management including both, the operation as
well as the investment perspective in the generation and transmission sector. We have
presented an analytical formulation that is able to account for different regulatory de-
signs of market areas, a single or zonal TSOs, as well as different forms of measures to
relieve congestion, namely grid expansion, redispatch and g-components. We have then
proposed an algorithm to numerically solve these problems, based on the concept of de-
composition. This technique has shown to entail a number of characteristics that work
to our advantage, especially flexible algorithmic implementation as well as consistency

of the grid flow representation through PTDF update.

Calibrating our model to the CWE region, we have demonstrated the applicability of our
numerical solution algorithm in a large-scale application consisting of 70 nodes and 174
lines along with a detailed bottom-up representation of the generation sector. Compared
to nodal pricing as the efficient benchmark, inefficiencies induced by alternative settings
reach additional system costs of up to 4.6 percent. Major deteriorative factors are TSOs’
activities restricted to zones as well as low trading capacities offered to the market.
These findings may serve as a guideline for policymakers when designing international
power markets. For instance, our results confirm ongoing efforts to implement flow-
based market coupling and to foster a closer cooperation of TSOs in the CWE region.
In fact, we find that such a regulatory design could come close to the nodal pricing

benchmark, with an efficiency difference of only 2.5 percent. Noticeably, the magnitude

41 Conventional capacities are also affected. However, the effect is less pronounced as the differences
between the site-specific costs of generation are smaller.
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of these results should be interpreted as the lower bound of efficiency gains, since we

focus on frictions in the congestion management only.

More generally, we find that a single TSO (or enhanced coordination between the zonal
TSOs) is key for an efficient development of both, grid and generation infrastructures.
Whereas the expansion of grid infrastructure is immediately affected, the generation
sector indirectly takes advantage of increased grid capacities and hence, can develop
more efficiently. Better allocation of generation units with respect to grid costs through
high resolution price signals gains importance for larger geographical areas and larger
differences between generation costs and expansion potentials (such as wind or solar
power). This has been found for the CWE region, and may prove even more important
for the whole of Europe. It should be noted, however, that efficiency gains need to be put
into the context of transaction costs occurring from the switch to a different congestion
management design. In addition, socio-economic factors such as acceptance for grid
expansion are not considered in the analysis, but might also play a role considering the

large differences of necessary grid quantities.

Limitations of our approach that leave room for extensions and improvement stem from
the fact that we assume linear transmission investments, and do not consider strategic
behavior of individual agents, imperfectly regulated TSOs, or uncertainty about future
developments (e.g., delays in expansion projects). The assumption of an inelastic de-
mand probably reduces the magnitude of the measured inefficiencies, since demand does
not react to any price changes and hence only supply-side effects are captured. Al-
gorithmically, the effectiveness of our solution process could be further improved, e.g.,
through better usage of numerical properties of the problem (such as gradients, etc.).
Nevertheless, in its present form, our framework may serve as a valuable tool to assess
a number of further relevant questions, such as the tradeoff between different flexibility
options (such as grids, storages or renewable curtailment), the impact of different forms
of congestion management in other European regions, or the valuation of grid expansion

projects.
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4.6 Appendix

Model of NTC-coupled zonal markets, zonal TSOs, and zonal redispatch

In Section 4.3, we have shown the numerical implementation of the nodal pricing regime.
For the sake of clarifying the major changes needed to represent the alternative Settings
II-1V, we here present the model for m zonal (instead of nodal) markets that are coupled
via NTC-based capacity restrictions, along with multiple zonal TSOs (instead of only
one), all having the possibility to deploy zonal redispatch as an alternative to grid ex-
pansion. Hence, the model corresponds to Setting I1] with NTC-based market coupling.
Compared to nodal pricing, no more nodal or time-specific information about grid costs
is provided. Instead, an aggregated price nﬁn)n for each border is calculated via a function
gnTco and passed on to generation level. The model with flow-based market coupling

(v)

works in the same way, only that the price k), is calculated via a different function grp.

v = 1; convergence=false
While(convergence=false) {

Master problem: generation

min X = 5;Gi + Gy + 4.7a
Gi,Gi,\ T ny Z Z 7 ( )
s.t. Y Gi— ZTmn = Z d;i  Ym (4.7b)

i€Im ’LEIm
SV K (T — T <o Vu=1,.,0—1v>1 (4.7d)
G = Optimal value of G; Vi (4.7¢)
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Sub-problem: transmission

. — 1 —
B min Y, = Z Mi,jPi,j + 5 Z Mi,jpi,j + Z Riv; Ym (47f)

Pijetm T oby flictm Trmn i,j€Im 6,7 €T m b i€lm

st Pyl = |[J(Gd)| =[S PTDF- (G —d)| < Piy Virj  |s!) (47g)
0<R+G" <G Viely (4.7h)
Y Ri=0 (4.71)

i€Im

Y, = Optimal value of Y,,, (4.7j)
K = gnre (k) (4.7K)

ivjelm,cb = Pi»jeln,cb = min {Pi»jelm,cb; PivjEIn,cb} (471)

if(convergence criterion < threshold; convergence=true)
v=0v+1

};
Numerical assumptions for the large-scale application

Country | 2011 2020 2030
Belgium 87 98 105
Germany | 573 612 629
France | 466 524 559

Luxembourg 7 8 8

Netherlands | 113 128 137
Eastern | 276 328 366
Northern | 387 436 465
Southern | 450 528 594
Southwest | 317 378 433
United Kingdom | 400 450 481

TABLE 4.3: Assumptions for the gross electricity demand [TWh)]

To depict the CWE region in a high spatial resolution, we split the gross electricity
demand per country among the nodes belonging to this country according to the per-

centage of population living in that region.
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Technology | 2020 2030
Wind Onshore | 1,253 1,188
Wind Offshore (<20m depth) | 2,800 2,350
Wind Offshore (>20m depth) | 3,080 2,585
Photovoltaics (roof) | 1,260 935
Photovoltaics (ground) | 1,110 785
Biomass gas | 2,398 2,395
Biomass solid | 3,297 3,295
Biomass gas, CHP | 2,597 2,595
Biomass solid, CHP | 3,497 3,493
Geothermal | 10,504 9,500
Compressed Air Storage | 1,100 1,100
Pump Storage | 1,200 1,200
Lignite | 1,500 1,500
Lignite Innovative | 1,600 1,600
Coal | 1,200 1,200
Coal Innovative | 2,025 1,800
IGCC | 1,700 1,700
CCGT 711 711
OCGT | 400 400
Nuclear | 3,157 3,157

TABLE 4.4: Assumptions for the generation technology investment costs [€/kW]

Fuel type | 2011 2020 2030
Nuclear | 3.6 3.3 3.3
Lignite | 1.4 1.4 2.7

Oil | 39.0 47.6 58.0
Coal | 9.6 10.1  10.9
Gas | 14.0 23.1 259

TABLE 4.5: Assumptions for the gross fuel prices [€/MWhyy]

Grid Technology | Extension costs FOM costs

AC overhead line incl. compensation | 445 €/(MVA*km) 2.2 €/(MVA*km)
DC overhead line | 400 €/(MW*km) 2.0 €/(MW*km)
DC underground | 1,250 €/(MW*km) 6.3 €/(MW*km)
DC submarine | 1,100 €/(MW*km) 5.5 €/(MW*km)
DC converter pair 150,000 €/ MW 750.0 €/ MW

TABLE 4.6: Assumptions for the grid extension and FOM costs
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zonal markets

5.1 Introduction

The market design of the European single market for electricity consists of regional bid-
ding zones, usually aligned to national borders. There is one uniform price per zone,
while implicitly neglecting scarce transmission capacities within these zones. In reality,
however, this simplification is often inconsistent with physical realities and hence, rep-
resents and inherent market incompleteness. In fact, aggregated zonal prices conceal
important information regarding scarcities in the transmission grid that would be im-
portant to coordinate market participants in an efficient way. In the short term, this
incompleteness is addressed by the redispatch of generation facilities: After the market
clearing, generation units are requested to modify their scheduled dispatch by increas-
ing or decreasing their production level in order to relieve congestion in the grid. An
increase in generation is remunerated with the estimated variable costs, partly covered
by the saved variable costs of the decreased generation. If the cost estimations were
correct and the redispatch measure succeeded in finding the least cost alternative, the

short-term market outcome would be optimal, i.e., statically efficient.*?

In the long term, functionality of zonal markets shall be ensured by sufficient expansion
of the grid infrastructure. In practice, however, grid expansion is often insufficient or at
least delayed. For Europe, 30 percent of the projects depicted in the Ten Year Network
Development Plan (TYNDP) are reported delayed or rescheduled (ENTSO-E, 2015).
For Germany, even 50 percent of the projects are reported delayed (Bundesnetzagentur,
2013c). There may be various obstacles causing delays of planned grid expansion. One
of the main reasons are long and inefficient approval procedures (e.g., Schneider and

Battaglini (2013), Steinbach (2013)). But even if approval procedures are successfully

42In practice, this result will probably not be entirely realized due to ramping constraints of redis-
patched power plants.
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completed, missing social acceptance may further delay the realization of infrastruc-
ture projects (e.g., ENTSO-E (2010), Schneider and Battaglini (2013)). According to
ENTSO-E (2015), these most prominent obstacles account for one third of investment

delays.

At the same time, due to the uniform price for all market participants, the resulting
intra-zonal scarcity in transmission capacities is not taken into account in the invest-
ment decisions of generation. In fact, (zonal) markets should ensure that sufficient
capacity is installed to meet demand on a zonal level. However, there might be a misal-
location of generation capacities within the zones due to missing locational price signals.
These misallocations are exacerbated by missing grid capacities that might not allow
to transport electricity to the customers. Thus, missing grid expansion might severly
jeopardize the long-term functionality of zonal markets. Especially, although redispatch
might induce efficient market outcomes in the short term, it does not suffice to heal
the incompleteness of the market design to achieve long-term, i.e., dynamic, efficiency
as locational price signals are not considered.*® As we will show, this might induce
severe inefficiencies in the market outcome, which are increasing with the level of grid

restriction.

In Europe, the effect of misallocation of generators and missing transmission capacity
is particularly relevant due to fundamental changes in the supply and demand struc-
ture caused by strong climate protection efforts.** A substantial shift from conventional
to renewable generation, which is usually far away from current generation and load
centers, increases the importance of sufficient grid infrastructure. A blueprint for the
described dynamics in a zonal market design with an increasing share of renewables is
the case of Germany, where short-term intra-zonal congestion is removed using redis-
patch measures. In order to avoid situations where redispatch would be necessary but
no generation capacities are available at the right location, the German Transmission
System Operators (TSO) contract generation capacity in advance at locations which
are expected to be relevant for future congestion relieve. This so-called grid reserve
ensures locally sufficient generation capacity. Table 5.1 illustrates the development of
the renewables share, redispatch measures as well as the grid reserve quantity. As can
be seen, redispatch measures broadly increased with an increasing share of renewables,
caused by missing transmission grid capacities. Meanwhile, also the grid reserve quan-
tities increase. This development clearly shows the effect and the deficits of the zonal

market design.

438ee Burstedde (2012) for a detailed discussion of the (in-)efficiencies of several redispatch designs.

“The European Union (EU) formulated an ambitious 2030 energy strategy, including a EU domestic
reduction of greenhouse gases (GHG) by 40 percent compared to 1990, a share of 27 percent renewable
energy, and a 27 percent reduction in energy consumption compared to 2005 (European Commission,
2014a).
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Year ‘ 2010 2011 2012 2013 2014 2015 (Q1/2)
Renewable share of gross electricity demand [%) ‘ 16.6 202 228 239 258 -
Redispatch volume [GWHh] - - 4,956 4,604 5,197 5,253
Redispatch costs [Mio. €] 48 129 165 115 139 252.5
Grid reserve [GW)] |- 1.6 25 2.5 3.1 6.7-7.8

TABLE 5.1: Development of renewable share, redispatch measures and grid reserve in
Germany?>

In the literature, several papers investigate grid expansions in the short as well as in the
long term. Schaber et al. (2011) analyze the importance of transmission grid expansion
for the integration of renewables in Europe with a linear dispatch and investment model.
They state that grid integration costs amount to 25 percent of renewables investment
costs. Schaber et al. (2012) analyze grid expansions for the European system in 2020
given an increasing share of wind and solar power. A cost-minimization model of the Eu-
ropean power system is applied under the assumption of a nodal pricing regime. Results
indicate lower electricity prices in proximity of renewables and benefits for conventional
plants in case of grid expansion. Optimal grid expansion amounts to 20 percent re-
spectively 60 percent of today’s capacity - depending on the considered scenario. Fiirsch
et al. (2013) quantify the benefits of optimal grid expansion up to 2050 by applying a dis-
patch and investment model coupled with a load flow grid model that determines N'TC
values for the market coupling. They compare optimal grid expansion with moderate
expansion of interconnector capacities, and find that with a large share of renewables,
high grid expansion (476 percent capacity compared to today) proves to be optimal
to exploit good renewable sites. The linkage between renewables, grid expansion, and
generation backup capacities was investigated by Steinke et al. (2013). They use a styl-
ized model to analyze the effects of grid expansion on the necessity of backup capacities
and storage. They find that an ideal grid reduces the need of backup capacities from
40 percent to 20 percent with a share of 100 percent renewables. Hagspiel et al. (2014)
analyze the optimal grid expansion until 2050 using a linear dispatch and investment
model coupled with an AC grid model via Power Transfer Distribution Factors (PTDF).
They find that minimal grid expansion for achieving an ambitious CO» reduction target
of 90 percent leads to an increase of 21 percent of total system costs. Oggioni and Smeers
(2012) as well as Kunz (2013) deal with the impact of zonal markets and redispatch for
Germany and Europe in the short run. In doing so, Oggioni and Smeers (2012) use a six
node model and Kunz (2013) a European short-term electricity market model. Grimm
et al. (2016) build on a trilevel modelling approach investigating the long run impact
of different market designs. They apply their theoretical model to a three and six node
case study and find that investment decisions of firms and TSOs do not have to lead to

the social optimum in a market environment. Bertsch et al. (2016) develop a theoretical

“5Sources: Bundesnetzagentur (2012), Bundesnetzagentur (2013a), Bundesnetzagentur (2013b), Bun-
desnetzagentur (2013c), Bundesnetzagentur (2014b), Baake (2014), Bundesnetzagentur (2015a), Bun-
desnetzagentur (2015b), AGEB (2015)
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framework to analyse and compare different market designs. In a large-scale application
it is shown that zonal markets with redispatch lead to inefficiencies compared to nodal

pricing, representing the first best.

We contribute to the existing literature by investigating the particular relevance of grid
expansion under zonal markets. We show that the market design is inherently incomplete
due to missing price signals, and that important scarcities in the grid are not properly
considered for investment decisions. For this, we build on a long-term fundamental
model of the European electricity market developed in Bertsch et al. (2016), allowing
the representation of the European flow-based coupled zonal markets with redispatch.
The model includes generation dispatch, power flows, as well as generation and grid
investments. In contrast to Bertsch et al. (2016), we implement the EU 2030 energy
strategy to ensure the results are in line with current European policies. Furthermore,
we extend the analysis by designing six scenarios that differ with respect to their level
of allowed grid expansion. We are hence able to investigate in great detail the relevance

of grid expansion for the market outcome.

Our results show that restricted grid expansion together with the inherent incomplete-
ness of the market design has significant effects. We restrict grid expansion per decade
from zero, i.e., no grid expansion at all, to 30 TWkm throughout 6 different scenarios.
In case of restrictions ranging from 0-15 TWkm of grid expansion per decade, there
are energy imbalances of up to 2 percent (3 percent) for 2020 (2030). Also with less
restricted grid expansion, these energy imbalances still amount to more than 0.2 percent
for scenarios 15 TWkm in 2020. In 2030, however, significant energy imbalances only oc-
cur for the scenarios of restrictions of up to 5 TWkm. The highest energy imbalances are
found to be in Southern Germany. Thereby, energy imbalances indicate that generation
is missing at some locations, entailing the need to either provide additional generation
capacity outside of the market (e.g., by means of a grid reserve as in Germany), or to
curtail load. Furthermore, no grid expansion jeopardizes the achievement of the EU
2030 climate targets: the share of renewables is 1.5 percentage points lower than in any
other scenario, resulting from a curtailment of up to 7.7 percent of photovoltaic (PV)
generation and over 3 percent of wind generation. Missing grid expansion hence results
in higher CO9 emissions in the power sector and implies the need to shift CO2 emissions
from the power sector to other, probably more expensive sectors. DC lines are found
to be of particular value for the integration of renewables as they allow point-to-point

transfers from renewables generation to load sites.

Overall, the results demonstrate the shortfalls of the zonal market design in the light of
restricted grid expansion which is a scenario that appears to be very likely. The more
restricted grid expansion is, the more administrative intervention will be needed to avoid
energy imbalances possibly causing expensive and politically unwanted load curtailment.
One alternative might be to administratively contract generation capacity outside the

market. To overcome this problem, a redefinition of zones or introduction of locational
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price elements may be a suitable way to effectively reduce the amount of administrative
intervention. Furthermore, obstacles for grid expansion should be removed in order to

ensure sufficient levels of grid to connect generation and load.

The paper is structured as follows: Section 2 introduces the model and numerical as-

sumptions. Results are presented in Section 3. Section 4 concludes.

5.2 Methodology

5.2.1 Model

To simulate the development of the electricity system with a flow-based coupling of
zonal markets, we follow the approach described in Bertsch et al. (2016) and combine
a cost-minimizing dynamic linear investment and dispatch market model with a model
of the AC grid using a linear Power Transfer Distribution Factor (PTDF) representa-
tion of the load-flow. To deal with the non-linear dependence of the PTDFs on the
grid impedances, the models are solved iteratively by updating PTDF matrices until

convergence is achieved as proposed in Hagspiel et al. (2014).

The model represents an intertemporal equilibrium model that simultaneously solves
the operation and investment of generation and the transmission infrastructure. The
model relies on a set of simplifying assumptions: we assume perfect competition among
generators, perfect regulation of TSOs, the absence of transaction costs and uncertainty,
inelastic demand, continuous functions and continuous PTDF matrices. For a thorough
discussion of the model development and characteristics, the reader is referred to Bertsch
et al. (2016).

We make use of a separated representation of generation and transmission in order to
represent the status quo of European electricity markets with unbundled generation and
transmission firms. The separation of the problem helps us to implement the market
incompleteness induced by the zonal market design and the related information deficit.
Our iterative solution algorithm is based on two stages that are solved sequentially.
First, the generation market equilibrium is determined by minimizing generation and
investment costs while meeting an (inelastic) demand and considering inter-zonal trans-
mission capacities. This implies that the zonal market for electricity supply and demand
(including both, operation and investment) only considers interconnectors (and no intra-
zonal grid congestion). The solution represents the result of perfect competition in the
electricity market under flow-based market coupling. Technologies for balancing supply
and demand in each zone are conventional and renewable generation technologies as well

as storage®®. In the second stage, the TSO is in charge of investments in transmission

46We consider pumped hydro storage, hydro storage dams and the possibility to build new Compressed
Air Energy Storages (CEAS) from 2020 onwards.
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capacities as well es the operation of redispatch measures across borders given the mar-
ket results of the first stage. This represents one perfectly incentivized Transmission
System Operators (TSO) (or several perfectly coordinated and incentivized TSOs) for
all considered markets with the objective of minimizing its (their) costs while keeping
the system stable, i.e., matching zonal demand and supply while ensuring that no line is
overloaded. At the transmission level, either AC or DC interconnections are available.
While the DC interconnections allow direct transfers of electricity between neighboring

regions, the utilization of the AC grid is subject to loop flows represented by the PTDF.

Equations (5.1a)-(5.11) state a simplified yet representative formulation of the prob-
lem:47-48 At the generation stage, total costs X are minimized such that an exogenously
defined demand d per zone m,n € M is met at all points in time ¢. Zonal demand is
determined by aggregating nodal demand levels d; ; for all nodes within a zone i € I, %
Costs for generation technologies consist of the variable costs v; ; for generation G;; and
the yearly fixed and (annualized) investment costs d;, for the generation capacity é@y.
Both types of costs may change over time (note that y represents instances of invest-
ment, e.g., years, while ¢ are dispatch situations, e.g., hours). Generation at a node is
restricted by the installed capacity (Equation 5.1¢). To balance supply and demand in
zone m, generation in that zone may be complemented by trades 75, ,, ; from other zones
n. Thereby, each trade from zone m to zone n equals the negative trade from zone n to

zone m and is in turn restricted by inter-zonal transmission capacities Py, ; (Equation

5.1d).

The second stage consists of minimizing costs Y occurring at the transmission level due
to grid expansion and redispatch. The grid can be expanded by adding line capacity
between two nodes at costs p; j,, while redispatch quantities R;; have the same vari-
able costs v;; as in the generation stage. Negative redispatch quantities can be only
as high as generation levels obtained at the first stage, while positive redispatch quan-
tities are restricted by generation capacities (Equation 5.1g). The sum of all (positive
and negative) redispatch measures has to amount to zero (Equation 5.1h) to keep the
system balanced. Generation (including generation and redispatch), demand as well as

the existing infrastructure induce power flows on transmission lines that are restricted

4"The depicted model is a simplified version of the model used for the large-scale application. The
large-scale model includes amongst others technical (e.g., minimal load, maximum load, ramping, etc.),
political (e.g., nuclear phase-out), as well as environmental (European CO2 quota) constraints that are
for reasons of clarity neglected in the theoretical framework. A more detailed representation of the
market model (generation stage) may be found in Richter (2011) or Jigemann et al. (2013), while the
AC grid model (transmission stage) is described in Hagspiel et al. (2014).

48 A detailed overview containing all parameters, variables and sets is depicted in Table 5.5 in the
Appendix.

“Tn the numerical simulation, we use interdependent hours and type days and scale the volumes to
yearly quantities. Furthermore, costs are discounted to the starting year. Several generation technologies
with different characteristics such as peak or base load exist at each node. However, for the sake of
simplification we omit these model properties in this formulation.

92



5.2 Methodology

by transmission capacities Py, ., (Equation 5.1i).5° The exchange between the gener-
ation and the transmission stage takes place via the inter-zonal transmission capacities
Pm,n,t-51 Thereby, function g determines those inter-zonal transmission capacities for
each dispatch time ¢ (that are provided to the generation market, i.e., the first stage of
the model) based on grid capacities F@M, generation G, demand d; 4, redispatch R;;
and a flow-based market coupling regime (see, e.g., Aguado et al. (2012)). The expan-
sion of transmission capacities P; j, times line length /; ; per decade b is restricted by
some value z. The model is re-run with stepwise changes of capacity restriction levels z,
thus allowing a fine-grained identification of the effects of limited grid expansion.®? Due
to the functional relationship of trades and transmission capacities, the market clearing
condition has to reoccur on the transmission stage (Equation 5.1f). Trades from zone

m to n are again equal to the negative trade from zone n to m (Equation 5.11).

To demonstrate the deficiencies of the zonal market with redispatch, we can compare
problem (5.1a)-(5.11) with a two-stage nodal pricing regime representing the first-best
benchmark. The corresponding model can be found in the Appendix. The main dif-
ference stems from zonal markets m, n being replaced by nodes i, j. As a consequence,
TSOs need no redispatch R;; as locational price signals are directly incorporated in the
dispatch. All relevant information is available to all market participants at all times,
making nodal pricing the first-best efficient benchmark. For a thorough comparison of
different market designs and their performance including zonal as well as nodal pricing

regimes, the reader is referred to Bertsch et al. (2016).

Generation

~ min X = Z(;ZyGW +Z%tG” (5.1a)
Gi,nyi,t’Tm,n,t

s.t. > G” ZTmnt =) diy Vm, t (5.1b)

ZGIm lGIm
Gt < Gi,y Vi, t (5.1c)
Tm,n,t = _Tn,m,t < Fm,n,t vm, n, t (51(1)

59In our case power flows are represented by PTDFs that are treated as a parameter while solving
the transmission stage, such that Equation (5.1i) becomes a linear constraint. However, we account for
non-linearities in the load flow equations by updating PTDF's based on the new transmission capacities
when iterating with the AC grid model.

5! Note that this approach differs from Bertsch et al. (2016), where the exchange worked via transmis-
sion capacity marginals.

52Note that we use j, k and ¢ as alias for 7 in order to represent different nodes in the formulation.

93



5 The relevance of grid expansion under zonal markets

Transmission

_min Y = pijyPijy+ Y vieRis (5.1e)

P i iy it
5.t > Gii =Y Tmmi= Y di Vm, t (5.1f)

i€Im n i€Im
0<Git+ Rit <Gy Vi, t (5.1g)
> Riy=0 vt (5.1h)
)
|Pi,j,t(?k,q,ya Gyt i, Rit)| < Fi,j,y Vi, j,t (5.1i)
Fmvnat = g(Plvjyy’ Giyt? di,t? Rl,t) (5.1j)
> Pijyli; < > Pijylij+z Vb (5.1k)
y€eb yeb—1

Tm,n,t = _Tn,m,t Vm, n, t (511)

5.2.2 Numerical assumptions

The geographical scope of the simulation, as shown in Figure 5.1, contains a high-
resolution nodal representation of the Central Western European (CWE) region, and
an aggregated representation of the neighboring countries.® The CWE region consists
of 5 zonal markets where nodes within the zones are aggregated and zones correspond
to national borders (Belgium, Netherlands, Luxembourg, Germany and France) that
are coupled via inter-zonal transmission capacities offered to the market. These trans-
mission capacities are determined based on a flow-based market coupling regime (CWE
FBMC, 2014). Due to limitations in publicly available data and models, our approach to
model flow-based market coupling only considers cross-border line capacities. Note that
in practice, the mechanism applied in the CWE region may in addition include some
intra-zonal congestion in the capacity allocation.?® Physical feasibility of the dispatch on
the grid level is ensured by a cross-border redispatch. To account for trades with neigh-
boring countries, 5 satellite regions are included: Southern Europe (Italy, Austria® and
Switzerland), Eastern Europe (Czech Republic, Poland, Hungary, Slovakia and Slove-
nia), Northern Europe (Sweden, Norway, Finland and Denmark), South West Europe
(Spain and Portugal) and North West Europe (UK and Ireland). The transmission grid
of the CWE region is represented by 65 nodes, while the transmission grids of the satel-
lite regions are represented via one node per region. In total, 174 grid connections and

70 nodes are represented in the model.

53With this simplification we neglect that a detailed representation of all countries would probably
impact congestion in the CWE region.

4For further technical details, see CWE FBMC (2014).

55 Although Austria is currently in the same bidding zone as Germany, we treat it as part of the
Southern Europe. This has two main reasons: First, numerical complexity is reduced and second, the
effect on the results in case Austria is included with higher granularity is expected to be limited.
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FI1GURE 5.1: Representation of the CWE and neighboring regions in the model

The existing electricity system including power plants®® and transmission grids®” as of
2011 was used as the basis for the simulations of the years 2020 and 2030.°® Existing
generation capacities are shut down after reaching the end of their technical lifetime
(the model is also allowed to shut down plants earlier if economically beneficial). Invest-
ments into new generation capacities (conventional as well as renewables) are subject
to political constraints (e.g., no nuclear investments in Germany) or technical restric-
tions (e.g., areas for renewable sites). The transmission grid topology mainly consists
of AC lines, but also includes some DC lines (existing ones plus the projects planned in
the 2012 version of the Ten Year Network Development Plan of the European Network
of Transmission System Operators for Electricity (ENTSO-E, 2012)). Costs of future
years are discounted to 2011-values with a discount rate of 10 percent.?® Years are rep-
resented by nine typical days including different demand levels, wind and solar infeed,

distinguished by weekday and weekend.®® The typical days are coupled to account for

56The data for the power plants stems from the power plant database developed at the Institute of
Energy Economics at the University of Cologne. This database comprises nearly all European power
plants greater than 10 MW and is constantly updated by publicly available sources (e.g., the power plant
list of the German regulator) and the Platts WEPP database (Platts, 2009).

5"The grid model was developed based on the publicly available map and data on the European
transmission grid infrastructures from ENTSO-E.

582040 and 2050 are also included in the simulation to control for end time effects. Years in between
are accounted for via scaling of the simulated years. Thus, investments into generators as well as the
grid infrastructure are possible in 2020, 2030, 2040 and 2050, whereby only 2020 and 2030 are shown in
the paper.

59This value was chosen to represent typical returns on investment. Note that the costs of capital for
investments in the electricity sector are hard to estimate, but considering the rate of return for regulated
investments (e.g., around 9 percent for grid expansion projects in Germany) this seems to be a fair
assumption.

59Typical days are constructed such that they represent statistical features of electricity demand as
well as of solar and wind resources along with their multivariate interdependencies found in the original
data. Local weather conditions are included through the use of detailed wind speed and solar radiation
data (EuroWind, 2011).
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seasonal storage, and include one day to cover extreme weather events.

CO4 emissions are constrained according to the European targets shown in Table 5.2
representing a yearly reduction of 2.2 percent (compared to 2005) up to 2050 (European
Commission, 2014a). The maximum amount of COy emissions that can be emitted per
year is implemented as a constraint restricting the generation of (conventional) power
plants. Thus, a CO2 quota (in contrast to a COg price) is included in the model. If
— due to the restricted grid expansion — the restrictions on COs emissions cannot be
fulfilled, the model is allowed to emit additional COy. However, these additional COs
emissions are costly and amount to 100 €/t CO2.5' These additional emissions can be
interpreted as shifting CO5 abatement from the power sector to other sectors of the
EU Emissions Trading System (ETS). Although this shifting of COg is not explicitly
modeled, this might imply an increase in CO9 emission costs if more expensive abatement

technologies have to be developed.

Year ‘2020 2030 2040 2050
21 % -43% -65% -87 %

compared to 2005

TABLE 5.2: Assumptions for COs reductions [%)]

We assume there is no explicit target for either the share or capacity of renewables in
addition to the COy mechanism, meaning that renewables are deployed endogenously
due to COg restrictions. However, we will report the deployment of renewables and
discuss the implications for the European 27 percent renewables goal in total energy
consumption in Section 3. In addition, we assume that the production of PV and wind
(onshore and offshore) can be curtailed. This might be necessary if the production of
PV and wind capacities exceed the demand in this region and transmission capacities
are insufficient to transport the production to other regions. Despite the goals on energy
efficiency, the electricity consumption is projected to increase, e.g., due to electrification
of heating processes and transportation. Electricity demand is taken from the EU energy

road map (European Commission, 2013a).

As the most important trigger in our analysis, we model different scenarios varying the
restriction levels for grid expansion, as indicated in Table 5.3. Numbers correspond to
the allowed grid expansion z in TWkm per decade. While grid expansion is entirely
forbidden in Scenario 0, the amount of allowed grid expansion increases throughout the
different scenarios. Within Scenario 30, where grid expansion is restricted to 30 TWkm
per decade, the restriction is not binding any more, hence Scenario 30 represents an
unrestricted scenario. To understand the orders of magnitude, a restriction of 5 TWkm
would mean that, e.g., 2 lines, each with 5 GW and 500 km length can be built in a
decade. Note that the restriction is imposed as a constraint on the sum of AC and DC

lines.

51We consider energy efficiency measures as an alternative COz abatement option (see e.g., McKinsey
& Company (2009)).
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Max. grid expansion | 0 5 10 15 20 30

TABLE 5.3: Scenarios of allowed grid expansion per decade [TWkm/10a]

Due to the imposed constraint on grid expansion, the model may become unable to
fully serve demand (except for Scenario 30 where grid restrictions are not binding).
Due to missing local price signals, the market equilibrium might lead to an allocation of
generators far away from load centers. Specifically, if transmission capacities are limited,
and the congestion in the grid cannot be fully resolved by redispatching generation,
energy imbalances occur. Those imbalances can be solved in various ways to ensure
technical feasibility. On the demand side, one possibility to overcome an imbalance is
load curtailment which is, however, usually avoided as much as possible due to the high
value of lost load. In our model, we allow to curtail load with a value of lost load (VOLL)
of 7.41 € per kWh (Growitsch et al., 2015). This rather high value forces the model
to curtail load as a last resort to ensure feasibility. However, one may also think of
other (expansive) measures to relieve imbalances. In fact, measures on the supply side
are much more prominent. Additional generation capacities could be contracted in an
administrative procurement (i.e., outside the market) to ensure security of supply even

in critical situations. This procedure is applied in Germany, for instance.

5.3 Results

5.3.1 Impacts of missing grid expansion

5.3.1.1 Redispatch and energy imbalances

Figure 5.2 shows the yearly energy imbalances in all scenarios, i.e., the mismatch between
supply and demand after adjusting the dispatch with a physically feasible redispatch
and grid expansion. Energy imbalances might occur due to missing grid infrastructure
(if grid expansion is restricted) together with a misallocation of generation capacities.
These factors may lead to the fact that not all load in all regions can be served given the
installed grid and generation infrastructure. Scenario 0 shows the highest level of energy
imbalances as no grid expansion is allowed and redispatch measures are insufficient. In
the CWE region, energy imbalances of around 2 percent of total load in 2020 and nearly
3 percent in 2030 are observed if no grid expansion is allowed. All other scenarios result
in energy imbalances of below 0.5 percent in all years. With an increase of the allowed

grid expansion, energy imbalances are reduced.

Due to increasing wind capacities built up in the North of Germany without taking into
account the ability to transport this generation to load centers in the South, the most

severe energy imbalances are in Southern Germany. However, due to the meshed grid
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FIGURE 5.2: Energy imbalances in different scenarios

energy imbalances also occur in the BeNeLux-countries and the neighboring regions.
Figure 5.3 shows the regional distribution and severity of energy imbalances in Scenario
0 for 2030.2 The distribution in the other scenarios is similar, but lower. Noticeably,
energy imbalances increase over time in Scenario 0, while they decrease in all other

scenarios. This is due to the inter-temporal effect of grid expansion (cf. Section 5.3.2.2).

Load Curtailment
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FIGURE 5.3: Geographical distribution of energy imbalances in Scenario 0 for 2030

The overall quantity of redispatch measures shows a similar behavior over the scenarios
as the energy imbalances, and are highest for the most restricted case (Figure 5.4).
However, the decline in redispatch with a less restricted grid expansion is not as steep as
for energy imbalances. This can mainly be explained by the significantly lower overall
costs of redispatch, which are only the difference of the variable costs of the redispatched
power plants. Even without any restriction posed on grid expansion, a relatively small
amount of redispatch measures is still part of the optimal solution when weighed against

grid extension costs. The distribution of redispatch, however, shows no distinct pattern.

Figures 5.5 and 5.6 show the number of hours, in which transmission lines are at 100
percent utilization after redispatch indicating the importance of specific transmission

lines. As can be seen, the line load decreases with increasing grid expansion. However, in

52Note that the map only includes energy imbalances in the CWE region even though there are also
imbalances in the satellite regions.
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FI1GURE 5.4: Redispatch measures in different scenarios

2030 the pattern for this decrease differs over the scenarios. Different lines are expanded
throughout the scenarios and hence, lead to different utilization rates induced by the
meshed grid and corresponding loop flows. The line load at the borders of the CWE

region shows the importance of the Scandinavian and Iberian countries for the electricity

flows in Europe.

Scenario 0 Scena;i: 10 . L Scena;ig 20 . .
.o o x
transmission network transmission network o transmission network
.g — hours at 100% (= 2000 hours) y —— hours at 100% (= 2000 hours) .ﬂ ~—— hours at 100% (= 2000 hours)
- ™ - L
Y N 1% U v N v
5 i 5
5 ° [
. . .
B > ¢
ol
~N ~N
Y _ ‘/ 7 - 7 -
% ‘ ¢
X X X
¥ é{ N SR

FIGURE 5.5: Line load after redispatch measures in different scenarios 2020
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FIGURE 5.6: Line load after redispatch measures in different scenarios 2030

5.3.1.2 Total system costs

Total system costs are a measure for the overall efficiency of the system. Intuitively,

a system with more constrained grid expansion induces higher system costs. For the
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different scenarios, we find that no grid expansion at all increases total system costs
by 138 percent compared to the unrestricted case. Figure 5.7 shows the dependence of
total system costs on grid expansion. It can be seen that even a small amount of grid

expansion decreases total system costs drastically.
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FIGURE 5.7: Total system cost decrease with grid expansion

To further analyze this result, Table 5.4 shows the composition of total systems costs
(discounted to €3011). The main variation between the scenarios results from differences
in the costs to relieve energy imbalances between the scenarios where grid expansion
is restricted. The increase of costs aligned to the removal of energy imbalances arises
from sub-optimal siting of generators. Due to the market design which is unable to
uncover scarcities in the grid within a bidding zone by means of appropriate price signals,
investments are made based on supply site characteristics only. As a result, there is not
enough generation capacity available at every node and it is furthermore not possible to
import sufficient capacity without grid expansion. This in turn leads to situations where
redispatch measures trying to overcome internal grid restrictions in each bidding zone
are not sufficient any more. Hence, energy imbalances have to be relieved at high costs.
In the most extreme scenario with no grid expansion at all, this leads to the additional
effect that the implemented CO2 quota cannot be fulfilled anymore by the electricity

sector, meaning that some other sectors have to increase their COg reduction efforts.

Max. grid expansion [TWkm/10a] 0 5 10 15 20 30
Generation [Bn. €] 940.7 938.1 932.5 930.6 930.2 929.5
Grid (including redispatch) [Bn. €] 8.2 8.1 7.9 9.7 102  10.7
Clearance of energy imbalances [Bn. €]  1,169.9 211.5 93.5 65.7 0 0
Shifting of COs to other sectors [Bn. €] 120 0.6 0 0 0 0
Total [Bn. €] 22383 1,1582 1,033.9 1,006.1 940.9 940.2

TABLE 5.4: Total system costs of scenarios (in €2917 up to 2030)

Remarkable — while looking at the results on total system costs — is the fact that grid
expansion costs are rather low compared to any other cost factor and almost negligible
if generation and grid costs are compared. The non-monotonous trend of the grid costs
over the scenarios can be explained by the included redispatch costs, which depend on

the optimization of the generation and not the transmission level.

53The shifting of CO2 emissions is not explicitly included in the applied modeling framework.
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5.3.1.3 Fulfillment of the EU 2030 targets

In case of no grid expansion (Scenario 0), the amount of CO2 emissions that have to be
reduced by other sectors (than the power sector) within the EU-ETS amounts to 176 mt
COg2 in 2020 and 391 mt COs9 per year in 2030. These numbers should be interpreted
with care, as feedback loops with other sectors covered by the EU ETS that are induced
by an increasing COq-price are not considered here. However, the general result that

COg emissions are shifted to other sectors should probably hold.

To deal with restricted grid expansion, generation from renewable resources may be
curtailed.%* As can be seen in Figure 5.8, the need to curtail the production of renewables
decreases dramatically as the restriction of grid expansion is relaxed. In 2030, 7.7 percent
of available PV generation is curtailed in the case of no grid expansion, which drops to
just 0.4 percent if 5 TWkm/10a are allowed. The drop for onshore wind from 3.3 percent
to 1.4 percent is less dramatic. Furthermore, the regional distribution of curtailment
differs. With no grid expansion, curtailment of offshore wind only occurs on the North
Coast of France in 2030. For PV and onshore wind, curtailment is concentrated in
Southern Germany, and along the North and West Coasts of France, where there are

significant grid bottlenecks.

8

PV
----- Wind Onshore []
== Wind Offshore |

7

Curtailment of Available Energy in 2030 [%]
>
T

i i t :
0 5 10 15 20 25 30
Grid expansion limit [TWkm/10a]

FIGURE 5.8: Curtailment of renewables for the different scenarios

The curtailment of renewables impacts the overall renewables quota only in the most
restricted scenario and only in 2030. While the renewables quota for all other scenarios
is around 44 percent in 2030, for Scenario 0 the quota is about 1.5 percent percentage
points lower due to the curtailment. Considering the three main targets of Kuropean
energy policy consisting of a secure, affordable and climate-friendly energy, our results
show that missing grid expansion might degrade these targets. KEspecially with no or
only minimal grid expansion, energy imbalances, the fulfillment of the implemented CO»
quota as well as total system costs increase substantially compared to scenarios with less
extreme grid restrictions. Thus, it can be concluded that grid expansions are of high

importance in order to meet the European energy targets.

5“We here focus on weather-driven renewable energy sources which are especially relevant in the
context of curtailment.
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5 The relevance of grid expansion under zonal markets
5.3.2 Development of grid capacities
5.3.2.1 DC and AC capacities

Figure 5.9 shows the grid expansion in the different scenarios for the period from 2011 to
2020 as well as between 2020 and 2030 for AC, DC, as well as the aggregated grid expan-
sion, measured in TWkm. Between 2011 and 2020, the total grid expansion restrictions
are binding for the system in Scenario 0 through 20, whereas between 2020 and 2030
grid restrictions are binding only for the Scenarios 0 through 15. Thus, for Scenario 30,
grid expansion is not restricted in any decade, which means that the investments made
in this scenario are system optimal, such that Scenario 30 can serve as a benchmark

with respect to cost efficiency (see above).
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FIGURE 5.9: Capacity development in TWkm for the period 2011-2020 (left) and 2020-
2030 (right)
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FIGURE 5.10: Total capacity development for 2011-2030 (left) and the share of DC in
the total network expansion (right)

To put the total grid expansion into context, the starting grid from 2011 for the CWE
region has a capacity of 70.8 TWkm, split between 68.0 TWkm for AC and 2.8 TWkm
for DC. In Scenario 30, which has a total of 32.9 TWkm of grid expansion between 2011
and 2030, this represents a grid capacity expansion of 46.4 percent.%

55In the optimal grid scenario considered by Hagspiel et al. (2014), the grid for the entire ENTSO-E
area was extended by 48 percent between 2011 and 2030.
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5.8 Results

In Figure 5.9 and 5.10, it can be seen that the AC network is extended significantly
more than the DC network. One reason is that there are simply more AC connections
available to the optimizer to extend; only DC connections that already exist and those
planned in the TYNDP 2012 are fed into the initial network topology for optimization.
Another reason is that DC lines are more expensive because of the costs of the AC-DC
converter stations at each end of the line. % However, the decrease in DC capacities with
a restriction of more than 20 TWkm per decade indicates that DC lines are prioritized
when the grid restrictions are enforced. The share of DC in the total network expansion
decreases monotonically as the grid restrictions are relaxed (see Figure 5.10). In absolute
terms, for the total period 2011-2030, the DC expansion increases, peaks at just over
double the existing DC capacity, and then decrease as the grid restrictions disappear.
In Figure 5.9 it can be seen that DC capacity increases as the overall capacity limit
increases in each decade, but only as long as the overall grid restriction for AC and DC
is binding. When grid restrictions are no longer binding for a decade (Scenario 30 for
2011-2020 and Scenario 20 for 2020-2030), the DC capacity drops as cheaper AC lines
are prioritized over extending DC lines. This shows that DC lines help the system to deal
with the grid expansion restrictions and to compensate missing AC lines. A reason for
preferring DC to AC is that the power flow is more controllable, so that power transfers
can be directed over long distances, rather than spreading out in the AC network in ”loop
flows”, which overload wide areas of the AC network. This underlines the importance
of DC lines for example to integrate renewable energies into the system. As a result,

whenever grid restrictions are in place, DC lines allow a better system optimum.

5.3.2.2 Inter-temporal effects

In Figure 5.9, an interesting interplay between grid expansion during the two decades
2011-2020 and 2020-2030 can be seen.5” The less restricted grid expansion are, the more
transmission lines are built in the first decade between 2011 and 2020. Grid expansion
in the second decade increases first and then decreases, which shows that it is more
valuable for the system to have lines installed early, i.e., by 2020. This higher value
may be due to the fact that the lines built in the first decade are used for a longer time.
The effects also become visible when looking at the imposed grid expansion restrictions:
The 2011-2020 restriction is binding longer (up to and including Scenario 20) than the
2020-2030 restriction (up to and including Scenario 15), which shows the inter-temporal
effect of grid expansion and thus, the optimality of building the grid earlier. The inter-
temporal effect is strong enough that the total grid expansion from 2011 to 2030 is lower
in Scenario 30 than Scenario 20 (see Figure 5.10), because of the suboptimal binding
grid restriction in Scenario 20 for the decade 2011-2020.

56See Table 5.9 in the Appendix for the transmission cost assumptions.
5"Recall that 2040 and 2050 are also included in the optimization in order to avoid end-time effects.
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5 The relevance of grid expansion under zonal markets

5.3.2.3 Geographical distribution

Figure 5.11 shows the geographical distribution of the grid expansion for three scenarios
including the optimal grid from Scenario 30. Noticeably, many of the grid expansion
are concentrated in France and its borders with other countries. This results from the
good wind resources in France, that are located particularly along its coastline. The
electrical load along the coast is weak, so network extensions are needed to transport
the wind power to load centers elsewhere in FEurope. These good wind resources are
currently under-exploited, but represent the cheapest option to decrease CO2 emissions
in the CWE region.

Setting 5 (= 5 TWkm/10a) Setting 15 (< 15 TWkm/10a) Setting 30 (= 30 TWkm/10a)
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FIGURE 5.11: Maps of grid expansion for scenarios 5, 10 and 30

There are also grid bottlenecks within Germany, which are overcome with both new
AC lines and DC lines along the planned corridors from North to South Germany. The
controversial DC line within corridor D, planned by the German TSOs to carry wind
and solar power from East to South Germany (Bavaria), is extended in each scenario
where grid expansion is allowed; Corridor A ranging from the North Sea to Southern

Germany is also expanded in Scenario 15.

5.3.2.4 Inter- vs. intra-zonal grid expansion

In the grid model for the CWE region in 2011, 30 percent of the grid capacity measured
in TWkm is made up of cross-border lines (this is higher than the actual grid, because
of the way countries at the boundary of the CWE region have been aggregated to single
nodes, lengthening cross-border lines). However, interconnectors make up 42 percent of
all grid expansion in Scenario 30, meaning that interconnector capacity is more valu-
able on average than internal, national grid connections. This is particularly due to the
possibility to exploit cheaper generation sites and being then able to transport it to load
centers within Europe using interconnector capacities. Between 2011 and 2030, inter-

connector capacity rises by 65 percent. There is some overlap between the distribution
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5.8 Results

of grid expansion calculated here and the European Commission’s Projects of Com-
mon Interest®®, particularly for the internal DC lines in Germany and the strengthening
of interconnectors between Spain and France and between Germany and Switzerland.
However, grid expansions in Figure 5.11 are much more heavily concentrated in France
and its interconnectors, due to the significant expansion of wind power in France in the
scenarios presented here. Similarly, the dominance of grid expansion in France is not

reflected in the 2012 or 2014 TYNDP.

5.3.3 Generation and generation capacities

The total generation capacities and total dispatch in the CWE region in 2030 are shown
in Figure 5.12 for each scenario. Overall, there is very little change in installed capacities
as grid restrictions are lifted. Comparing Scenario 0 to Scenario 30, there is an increase
of wind capacity of 17 GW, which takes place exclusively in France as inland sites with
lower capacity factors than the coast are exploited. This raises the wind capacity in
France from 55 GW to 72 GW in 2030. This better use of cheap wind resources in
France is also reflected in the grid expansion (see Figure 5.11). There is a small drop in
solar capacity of 3.8 GW in the British Isles, as grid expansion allow PV to be replaced
by cheaper wind generation. In each scenario the offshore wind capacities are identical,
amounting to 42.6 GW in 2020 and 42.0 GW in 2030.
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FIGURE 5.12: Total generation capacity (left) and yearly dispatch (right) in 2030 for
the different grid restriction scenarios

More change is visible in the yearly dispatch of each technology. Between Scenario 0 and
Scenario 30 there is a 53 TWh/a increase in wind generation, almost exclusively due
to the extra wind capacity in France but also due to reduced curtailment of renewables
in France, the Netherlands and Germany, as grid bottlenecks ease. Solar generation
increases by 6 TWh/a despite the lower capacity, due to lower renewable curtailment
in France and particularly in Germany. Gas generation is reduced by 63 TWh/a and
replaced by COs-free renewable generation as well as lignite generation, primarily from

Central Eastern European countries (increasing by 31 TWh/a). This substitution of gas

58nttps://ec.europa.eu/energy/en/topics/infrastructure/projects-common-interest
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with lignite as grid capacity increases is induced by lower fuel costs of lignite than gas,
which outweigh its higher CO4 emissions per kWh. There is also 8 GWh/a more coal
generation in the Iberian peninsular, enabled by the grid expansion between Spain and

France.

The distribution of generation capacity is in general very insensitive to grid expansion be-
cause of the way the grid and market are coupled. In the initial dispatch and generation
capacity optimization the internal grid constraints of each country are not visible; the
internal bottlenecks only become apparent in the next step, as redispatch is performed
in each bidding zone. However, the redispatch does not directly affect the optimality of
the investment and dispatch decisions in the market. The only impact stems from the
indirect effect of altered interconnection capacities, which become visible in the scenarios

with little grid expansion.

The capacity and generation of pumped hydro storage and hydro storage dams remains
nearly constant throughout all scenarios, which shows that the role of these types of
storage in the system is not influenced by restrictions on grid expansion. Thus, storage
is no substitute for grid expansion. Pump storage capacity is highest in the Southern
region (Switzerland, Austria and Italy) whereas hydro storage capacity is highest in
Northern Europe (mainly Norway) followed by the southern region (22 and 14 GW).
However, as the potential in these countries is already mostly exhausted, there are no
capacity expansion in these regions. Nevertheless, the value of storage is demonstrated
when looking at the United Kingdom (UK) where pump storage capacity increases from
3 to 6 GW when grid expansion are highly restricted and to only 5 GW in the less
restricted scenarios. At the same time the good and until now not exhausted wind
resources in the UK are explored and thus wind capacities increase from 10 GW in 2011
to roughly 72 GW in 2030 throughout all scenarios. As exports to other countries are
limited, other sources of demand to absorb this wind generation are needed. Therefore,
storage is built. Thus, for the very special case of the UK, storage is a substitute to
extending the DC connections (which are limited) to the rest of the CWE region. In
addition, grid bottlenecks in France prevent imports of wind power from the UK, which
may also drive the expansion of storage capacity in the UK when grid expansions are

restricted.

5.4 Conclusions

We investigated the effect of restricted grid expansion for the EU’s 2030 energy strategy
under the current market design. Specifically, we contributed to the existing literature
an in-depth analysis of the long-term effect of grid restrictions in zonal markets with
redispatch after market clearing. In case of grid restrictions, this market design reveals

its inherent incompleteness due to zonal markets failing to provide efficient locational
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price signals. Our analysis was based on a large-scale model of the European electricity
market with a focus on the Central Western European region. We used a linear model
covering the generation and transmission level with endogenous investment and dispatch
decisions for both levels. Restrictions for grid expansion were implemented and gradually

tightened, reaching from full to non-restricted expansion.

We found that the incompleteness of the market design leads to a misallocation of gen-
eration capacities and the inability of the system to transport electricity to where it is
needed. Thus, energy imbalances occur. Although they decrease sharply if some grid
expansion is allowed, we still see energy imbalances even for an allowed grid expansion of
15 TWkm per decade. Affected regions are mainly those that are characterized by poor
conditions for renewables, i.e., comparably low wind speeds and low solar radiation, and
far away from (new) generation sites. Most severe energy imbalances appear in Southern
Germany. These imbalances indicate the need for additional measures that have to be
undertaken in order to ensure system stability, either affecting the demand or the supply
side. On the supply side, imbalances can be solved by procuring additional capacity,
while on the demand side load curtailment would be necessary. In practice, however,
the latter is observed very rarely and usually avoided as much as possible. Therefore,
supply side measures are more frequently used, e.g., by contracting additional generation
capacity outside the market to ensure security of supply. For example, Germany ad-
ministratively procures additional generation capacity, especially in Southern Germany

where significant imbalances occur.

The restriction on grid expansion has a visible effect on European climate targets only
if no or very little grid expansion is allowed. With no grid expansion, the renewables
share is 1.5 percentage points lower compared to the other scenarios. As a consequence,
conventional generation with higher CO9 emissions has to jump in, such that the indirect
effect of rising CO9 abatement costs appears. One approach to deal with restricted grid
expansion is the utilization of DC instead of AC lines. When overall grid expansion is
restricted, DC can bring advantages by directing long-distance power flows, which would

otherwise cause loop-flows in the AC network causing wide-spread overloading.

In order to overcome the depicted shortcomings of the zonal market design, several op-
tions are available. First, the obstacles of grid expansion could be removed to avoid
intra-zonal congestion. As pointed out earlier, the main obstacles are approval proce-
dures as well as social opposition which would need to be addressed by all involved
parties. However, from past experience, it seems unlikely that grid expansion could
be completely avoided in the future. Thus, an adaptation of the current market design
should be considered as a second option. As has been shown, the prevailing market design
is inherently incomplete, which may have severe consequences, especially when facing
substantial changes in the supply structure. Hence, additional measures are needed,
such as administrative intervention to ensure sufficient levels of generation capacity out-

side the market (as it is currently handled in Germany by means of a grid reserve for
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5 The relevance of grid expansion under zonal markets

redispatch), different shapes of price zones, or via an implementation of locational price
elements into the market. Moreover, the issue of the right location should also play a
role when designing renewable support schemes, since they are the main driver of the

changing infrastructure.
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5.5 Appendix

Abbreviation Dimension Description

Model sets

i,5,k,q€l Nodes, I =[1,2,...]

m,n € M Zonal markets, M = [1,2,..]

RS . Nodes that belong to zonal market m, I,, C I

teT Points in time where dispatch decisions are made,
e.g. hours , T =11,2,..]

yeyY Points in time where investment decisions are made,
e.g. years, Y = [1,2,..]

beB Decades of grid expansion restriction,

B=1,2,.]

Model parameters

5i,y
Vit

Hi,gy

li
z

EUR/KW
EUR/kWh
EUR/KW
kW

km
TWkm

Investment and FOM costs of generation capacity
in node ¢ at time y

Variable costs of generation capacity in node @

at time ¢

Investment costs of line between node ¢

and node j at time y

Electricity demand in node ¢ at time ¢

Length of line between node ¢ and node j

Grid Expansion Limit per decade

Model primal variables

Giy
Gt

kW
kW
EW
EUR
EUR
EW
kW
EW

kW

Generation capacity in node i at time y, G;, > 0
Generation dispatch in node ¢ at time ¢, G;+ > 0
Electricity trade from market m to market n

at time ¢

Costs of generation

Costs of TSO

Line capacity between node ¢ and node j at time y,
?i,j‘y > 0

Capacity between market m and node n

at time ¢ determined by function g, ﬁm%t >0
Electricity flow on line between node ¢ and node j
at time ¢

Redispatch in node 7 at time ¢

TABLE 5.5: Model sets, parameters and variables
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Representation of a Nodal System

Generation
_ min X = Z 5i,yéi,y + Z ’Yi,tGi,t (52&)
Giy,Git T3 5t iy it
s.t. Gi,t — ZTi’j’t = di,t Vi,t (5.2b)
J
Git < Giy Vi, t (5.2¢)
nmj’t - _1}7i)t S ?7’7‘77t v’i?j? t (5'2d)
Transmission
glin Y = Z /ii,j,yﬁi,j,y (5.26)
Fidu i3y
s.t. |P; it (Prgy, Grts diets Rit)| < Pijy Vi, j,t (5.2f)
Y Pijyli; < Y Pijylij+2 Vb (5.2g)
y€Eb yeb—1
Tije = =Tz Vi, j,t (5.2h)

Country | 2011 2020 2030
Belgium 87 98 105
Germany | 573 612 629
France | 466 524 559

Luxembourg 7 8 8

Netherlands 113 128 137
Eastern | 276 328 366
Northern | 387 436 465
Southern | 450 528 594
Southwest | 317 378 433
United Kingdom | 400 450 481

TABLE 5.6: Gross electricity demand (without own consumption and pump storage)
[TWh]

To depict the CWE region in a high spatial resolution, we split the gross electricity
demand per country among the nodes belonging to this country according to the per-

centage of population living in that region.
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Technology | 2020 2030
Wind Onshore | 1,253 1,188
Wind Offshore (<20m depth) | 2,800 2,350
Wind Offshore (>20m depth) | 3,080 2,585
Photovoltaics (roof) | 1,260 935
Photovoltaics (ground) | 1,110 785
Biomass gas | 2,398 2,395
Biomass solid | 3,297 3,295
Biomass gas, CHP | 2,597 2,595
Biomass solid, CHP | 3,497 3,493
Geothermal | 10,504 9,500
Compressed Air Storage | 1,100 1,100
Pump Storage | 1,200 1,200
Lignite | 1,500 1,500
Lignite Innovative | 1,600 1,600
Coal | 1,200 1,200
Coal Innovative | 2,025 1,800

CCGT 711 711

OCGT 400 400
Nuclear | 3,157 3,157

TABLE 5.7: Generation technology investment costs [€/kW]|

Fuel type | 2011 2020 2030
Nuclear 3.6 3.3 3.3
Lignite 1.4 1.4 2.7
Oil | 39.0 47.6 58.0

Coal | 9.6 10.1 10.9

Gas 14.0 23.1 25.9

TABLE 5.8: Assumptions for the gross fuel prices [€/MWhy|

Grid Technology | Extension costs FOM costs

AC overhead line incl. compensation | 445 €/(MVA*km) 2.2 €/(MVA*km)
DC overhead line | 400 €/(MW*km) 2.0 €/(MW*km)
DC underground | 1,250 €/(MW*km) 6.3 €/(MW*km)
DC submarine | 1,100 €/(MW*km) 5.5 €/(MW*km)
DC converter pair 150,000 €/ MW 750.0 €/ MW

TABLE 5.9: Assumptions for the grid extension and FOM costs
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